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Supervising Professor: Jie Zhang, Chair

The global energy transition is driven by the urgent need to achieve deep decarbonization

while maintaining system reliability and economic viability. Yet, the variability of renewable

resources and the limited flexibility of conventional baseload power remain key barriers to

large-scale integration. Hydrogen has emerged as a versatile solution, capable of providing long-

duration storage, enabling sector coupling, and enhancing the operational flexibility of energy

systems. This dissertation develops three distinct techno-economic analysis (TEA) frameworks

that integrate optimization modeling with lifecycle financial evaluation to systematically

assess hydrogen’s role in advancing sustainable energy systems.

The study explores three interconnected applications. It first examines the integration of

hydrogen storage with renewable generation, showing how co-location strategies reduce

curtailment and improve cost-effectiveness under diverse market and resource conditions. It

then broadens the scope to the grid level, using the Texas power system as a case study

to evaluate how hydrogen can mitigate uncertainty in renewable deployment and demand

growth, while inter-regional hydrogen networks alleviate geographic mismatches and contribute

to significant carbon reductions. Building on these insights, the framework is applied to

nuclear power systems, where hydrogen production enhances operational flexibility, supports
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participation in ancillary service markets, and creates new revenue streams—outcomes that

are further reinforced under favorable policy incentives.

These analyses illustrate hydrogen’s capacity to serve as a unifying energy carrier across renew-

able and nuclear contexts. The findings emphasize that the effectiveness of hydrogen-enabled

systems depends not only on technological performance but also on evolving cost trajectories,

market mechanisms, and policy frameworks. By establishing a coherent analytical foundation

and offering actionable insights, this dissertation provides guidance for policymakers, industry

leaders, and researchers in designing resilient, economically viable, and carbon-neutral energy

pathways where hydrogen plays a central role.
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CHAPTER 1

INTRODUCTION

The global energy system is undergoing a profound transformation driven by the urgent need to

reduce greenhouse gas emissions and mitigate the impacts of climate change. The reliance on

fossil fuels has long provided reliable and affordable energy but has also resulted in significant

environmental and geopolitical challenges. With increasing international commitments to

net-zero emissions by mid-century, nations are accelerating the deployment of renewable

energy sources such as wind and solar. These resources are now growing at unprecedented

rates, supported by technological advances, declining costs, and strong policy incentives.

However, their variability and intermittency continue to pose substantial challenges for

maintaining grid stability, reliability, and economic efficiency. Addressing these challenges

requires innovative approaches that combine technological innovation, economic feasibility,

and supportive policy frameworks.

Hydrogen has emerged as a promising energy carrier to complement and enhance renewable

energy integration. Unlike batteries and other short-duration storage technologies, hydrogen

offers long-term, large-scale storage potential. It can be produced via electrolysis using

surplus renewable electricity, stored in tanks or pipelines, and converted back into power

or used in diverse sectors including industry, transportation, and heating. This versatility

makes hydrogen uniquely positioned to bridge the gap between variable renewable generation

and steady energy demand, while also facilitating sector coupling and supporting deep

decarbonization. At the same time, the economic feasibility of hydrogen-integrated hybrid

systems remains uncertain, dependent on technology costs, infrastructure development, and

policy incentives. Therefore, systematic TEA is essential to evaluate hydrogen’s role in future

energy systems and guide investment and policy decisions.

This dissertation aims to explore hydrogen’s role in advancing sustainable and low-carbon

energy systems through three distinct techno-economic frameworks. Each framework is

designed to address specific contexts where hydrogen integration could provide operational,

economic, and environmental benefits. Collectively, these frameworks offer a holistic view of

how hydrogen can contribute to renewable integration, grid flexibility, and decarbonization,

while also highlighting the conditions under which such systems become economically viable.

The first framework focuses on the integration of hydrogen with renewable energy at

the project level. Wind power, one of the most rapidly expanding renewable sources in the

United States, often experiences curtailment when generation exceeds demand or transmission
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capacity. Co-locating hydrogen production facilities with wind farms presents an opportunity

to convert excess electricity into hydrogen, thereby reducing curtailment, increasing project

revenues, and enabling long-duration storage. This framework employs optimization models

to compare system configurations involving batteries, electrolyzers, hydrogen storage, and

fuel cells. The analysis reveals trade-offs between system cost, levelized cost of hydrogen

(LCOH), levelized cost of energy (LCOE), and curtailment reduction. Sensitivity analyses

further explore the impacts of hydrogen prices, regional resource variations, and future

component cost trajectories, offering insights into the scalability and economic feasibility of

renewable-hydrogen systems.

The second framework expands the analysis to the grid level, using the Electric Reliability

Council of Texas (ERCOT) as a representative case study. Texas is uniquely positioned

due to its vast wind and solar resources, growing hydrogen economy, and significant carbon

emission profile. Yet, the state’s grid faces challenges from renewable variability, geographic

mismatches between supply and demand, and uncertainties in future capacity expansion and

demand growth. A stochastic optimization model is developed to capture these uncertainties,

while also incorporating hydrogen production, storage, and inter-regional transportation

networks. The results demonstrate that hydrogen can play a critical role in balancing

supply and demand across regions, enhancing renewable penetration, and reducing carbon

emissions. Sensitivity analyses reveal the dependence of system outcomes on electricity

prices, carbon costs, and hydrogen equipment costs, highlighting both opportunities and

risks in large-scale hydrogen deployment. This framework underscores the importance of

infrastructure development, regional planning, and policy support in realizing the potential

of hydrogen-enabled grids.

The third framework highlights hydrogen’s role in unlocking both the flexibility and

economic potential of nuclear energy, which has long been constrained by its traditional

baseload operation. While nuclear energy is a high-capacity, low-carbon resource that stabilizes

power systems, its rigidity in the face of growing renewable penetration limits its contribution

to a dynamic clean grid. By coupling nuclear generation with hydrogen production, excess

output can be redirected toward marketable hydrogen, with the addition of electrolyzers

providing greater operational flexibility to the hybrid system, enabling it to more effectively

participate in grid services and revenue diversification. In this way, hydrogen enables nuclear

plants to participate in ancillary service markets, thereby addressing a fundamental barrier to

nuclear’s broader role in a renewable-dominated system. A mixed-integer optimization model

is combined with a lifecycle TEA to evaluate the economic and operational performance

of nuclear-hydrogen-battery systems under different market and policy conditions. Case
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studies of U.S. nuclear reactors demonstrate that hydrogen integration can create new revenue

streams, improve nuclear plant profitability, and support grid stability. Policy incentives, such

as the 45U production tax credit and 48E investment tax credit, are shown to significantly

enhance project economics.

This dissertation contributes to the growing body of knowledge on hydrogen-integrated

energy systems through four key areas. First, it develops three optimization-based frameworks

tailored to different levels of hydrogen integration—project-level, grid-level, and hybrid nuclear

systems—to systematically evaluate the techno-economic advantages that hydrogen brings to

diverse energy configurations. Second, it presents a detailed case study of wind-hydrogen

co-location projects, demonstrating the technical feasibility and economic benefits of using

hydrogen as a storage medium to enhance renewable energy utilization. Third, using the

ERCOT grid as an example, it assesses the role of hydrogen in mitigating supply-demand

uncertainty and imbalance and enabling deeper decarbonization at the system level. Fourth,

it explores how hydrogen can enhance the operational flexibility and economic performance of

nuclear power plants, thereby expanding their contribution to high-renewable energy systems.

Together, these contributions offer actionable insights for policymakers, energy planners,

and industry stakeholders seeking to design resilient, economically viable, and low-carbon

energy systems. This research advances a rigorous set of analytical tools and evidence-based

conclusions that position hydrogen as a key enabler in the sustainable energy transition.

The remainder of this dissertation is organized as follows. Chapter 2 provides a litera-

ture review covering both technical and techno-economic studies of hydrogen as an energy

storage medium within integrated energy systems. Chapter 3 introduces the first analytical

framework, which evaluates the techno-economic feasibility of co-locating wind energy with

hydrogen storage and conversion technologies, along with the corresponding results and

sensitivity analyses. Chapter 4 expands the scope to grid-scale analysis, presenting a stochas-

tic optimization framework applied to the ERCOT power system, accompanied by results

on renewable penetration, hydrogen networks, and carbon reduction. Chapter 5 develops

the third framework, which analyzes hydrogen integration with nuclear power systems. It

focuses on evaluating how the incorporation of hydrogen production, combined with federal

incentive policies, enhances both the economic viability and operational flexibility of existing

nuclear power plants. These improvements strengthen the competitiveness of nuclear assets

and expand their capacity to participate in electricity market operations and grid-balancing

services. Finally, Chapter 2 concludes with key findings, policy implications, and directions

for future research.
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CHAPTER 2

LITERATURE REVIEW12

The literature review is structured into two distinct yet interrelated categories. The first

encompasses the technical analysis of hydrogen as an energy storage medium within renewable

integrated energy systems (IESs), analyzing the technical aspects of its production, storage,

transportation and integration as an energy storage medium. The second focuses on the TEA

of renewable IESs, evaluating the economic feasibility, cost-benefit trade-offs, and market

dynamics that shape the integration of renewable energy with hydrogen storage solutions.

Additionally, this review critically assesses the research gaps and limitations in existing

studies, highlighting unresolved challenges and underscoring the need for further research to

address technical inefficiencies, economic uncertainties, and policy constraints.

2.1 Technical Analysis of Hydrogen as an Energy Storage Medium within

Integrated Energy Systems

Hydrogen Production Technologies for Renewable Energy Integration: The pursuit

for efficient and sustainable energy solutions has spurred numerous studies exploring various

hydrogen production methods that can seamlessly complement and enhance renewable energy

systems. Among the prominent contenders, electrolysis, in particular, has emerged as a

promising candidate, offering innovative avenues for harnessing excess renewable energy and

converting it into valuable hydrogen resources. Two primary forms of electrolysis have taken

the spotlight: proton exchange membrane electrolysis [107] and alkaline electrolysis [125].

Both methods have been subjected to thorough examination, highlighting their remarkable

capabilities in facilitating the conversion of surplus renewable power into clean, storable

hydrogen fuel. Apart from electrolysis, researchers have also delved into alternative avenues

to achieve optimal hydrogen production alongside renewable energy integration. One such

approach entails methane reforming [26], which has captivated attention for its potential to

effectively harness renewable energy and convert methane into hydrogen, thereby presenting

a compelling pathway for energy conversion and storage.

1©2024 ASME. Reprinted, with permission, from Li, H. and Zhang, J., 2024. Towards sustainable
integration: Techno-economic analysis and future perspectives of co-located wind and hydrogen energy
systems. Journal of Mechanical Design, 146(2), p.020903.

2Li, H. and Zhang, J., 2025. Hydrogen’s role in expanding renewable energy and reducing carbon emissions
in Texas. International Journal of Hydrogen Energy, 113, pp.77-89.
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Hydrogen Storage and Transportation: The efficient storage and seamless trans-

portation of hydrogen constitute pivotal pillars in the pursuit of transforming it into a

highly viable and effective option for power smoothing within the realm of renewable energy.

Over the years, extensive research has diligently explored and evaluated a diverse range

of hydrogen storage techniques, each holding the potential to unlock the full promise of

this clean, abundant fuel source. One of the primary avenues investigated is compressed

hydrogen storage [38], wherein hydrogen gas is compressed at high pressures and stored in

specially designed containers. This approach offers an impressive balance between energy

density and practicality, making it suitable for a variety of applications, including renewable

energy power smoothing. The advancement in materials and engineering techniques has

significantly enhanced the safety and efficacy of compressed hydrogen storage solutions,

further solidifying its appeal. Another avenue of investigation lies in the domain of liquid

hydrogen storage [56], wherein hydrogen is cooled and maintained at cryogenic temperatures

to exist in a liquid state. This method capitalizes on the superior energy density of liquid

hydrogen, allowing for increased storage capacity and extended usability. While presenting

unique challenges due to the need for cryogenic systems, liquid hydrogen storage has shown

great potential, especially in long-term energy storage scenarios where maximizing capacity

is essential. In tandem with storage advancements, researchers have diligently explored

various transportation methods, aiming to efficiently move hydrogen from production sites to

end-users or dedicated energy storage facilities. Among these methods, pipelines [85] stand

out as a primary choice for large-scale transportation, offering a cost-effective and reliable

means of conveying hydrogen over significant distances. Investment in pipeline infrastructure

for hydrogen has been growing, with the potential to form extensive networks that connect

diverse regions and enable widespread adoption of hydrogen energy.

Hydrogen Electrolysis and Grid Ancillary Services: A study by Cl’ua et al.

analyzed a grid-assisted wind power system for hydrogen production, evaluating different

operation modes to optimize hydrogen output and grid stability [22]. Zenith et al. further

investigated the economic viability of curtailed hydrogen as a grid-balancing service, finding

that hydrogen production from curtailed wind energy can provide significant financial benefits

[162]. Another research effort by Tavakoli et al. proposed using hydrogen electrolyzers not

just as responsive loads but as grid-forming units capable of regulating voltage and frequency,

enhancing the reliability of low-inertia power systems [135]. Raab et al. conducted a TEA

showing that hydrogen production facilities benefit significantly from grid interaction, reducing

installation costs and enhancing efficiency [117]. Furthermore, Andrade et al. developed an

optimal control framework for PV-hydrogen production systems to minimize grid energy
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consumption while maximizing hydrogen generation [5]. In another application, Meraj et al.

demonstrated a hydrogen-based grid system that improves microgrid power quality through

bidirectional energy storage, enhancing reliability [95]. Additionally, Gao et al. assessed the

role of electric-hydrogen coupling systems in peak shaving and grid stabilization, confirming

their effectiveness in reducing volatility and improving economic efficiency [52]. Oskouei and

Mehrjerdi introduced an optimal allocation model for power-to-hydrogen units, showing that

these units can enhance grid resilience and financial returns in renewable-dominated regions

[108].

2.2 Techno-Economic Analysis (TEA) of Integrated Energy Systems (IESs)

Researchers use advanced techno-economic models and optimization frameworks to evaluate

the feasibility and benefits of integrating hydrogen with wind power [119, 53, 27, 79]. These

tools assess economic viability by analyzing capital and operational costs, including hydrogen

production, storage, and utilization. They also compare these expenses with potential savings

and revenue streams to determine financial feasibility. Additionally, energy efficiency is

a key consideration, as the performance of hydrogen production, storage, and utilization

technologies directly impacts system viability. By optimizing these factors, researchers identify

cost-effective pathways for successful hydrogen integration.

Optimization Techniques: Optimization-based methodologies play a significant role in

the TEA of IES. These methods facilitate the identification of cost-effective and energy-efficient

configurations. Wu et al. [155] propose a bi-level optimization method that categorizes

electrical loads and optimizes the output of micro sources, including gas-fired generators,

energy storage systems, and renewable energy sources. Their findings demonstrate cost

reductions and improved operational efficiency. A key advancement in optimization techniques

is the integration of hybrid energy storage systems. Xie and Li [157] investigate the impact

of life cycle assessment on optimizing hydrogen-based IES configurations. Their study

highlights the role of carbon trading mechanisms in reducing operational costs and promoting

cleaner energy integration. Additionally, Yan [158] introduces an improved ε-constraint

method to balance multiple economic and environmental objectives in IES operation, offering

a structured approach to decision-making in energy network optimization. Furthermore,

stochastic optimization techniques are gaining traction in addressing the uncertainties in

energy demand and supply. Xiao et al. [156] propose a Markov-Chain-Monte-Carlo (MCMC)

based scenario analysis method to model energy price fluctuations and their influence on IES

operations. Their study demonstrates that incorporating uncertainty models enhances the
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robustness of IES scheduling strategies. Similarly, Huang et al. [58] develop a parametric

equation-based optimization method for energy price sensitivity analysis, offering a simplified

yet effective approach to cost-benefit analysis in multi-energy networks.

Recent studies also highlight the role of multi-objective optimization methods in balancing

conflicting goals such as cost, efficiency, and environmental impact. Su et al. [134] introduce

a Pareto-based evolutionary algorithm for IES optimization, which simultaneously minimizes

energy costs and carbon emissions. Their findings reveal that such techniques enable policy-

makers and operators to identify optimal trade-offs between economic and environmental

performance. Another crucial aspect of optimization in IES is the coordinated operation

of multiple energy networks. Yan [159] proposes a novel integrated scheduling framework

that optimizes the combined operation of electricity, gas, and district heating networks.

Their approach improves system efficiency by dynamically adjusting energy flows based on

real-time demand and supply conditions. Similarly, Wang et al. [149] present an agent-based

optimization strategy for self-discipline economic operation of IES, which incorporates deep

learning algorithms to enhance real-time decision-making.

Economic Evaluation Models: To assess IES viability, comprehensive economic

evaluation models are necessary. Peng et al. [111] introduce a detailed economic evaluation

framework that incorporates internal energy conversion, major cost factors, and revenue

sources. Their model utilizes sensitivity analysis to identify critical economic indicators. Zhao

et al. [164] develop an evaluation index system based on the G1-anti-entropy weight-TOPSIS

method, applied to a school IES. This approach integrates both subjective and objective

weights to enhance decision-making accuracy and reliability. Song et al. [128] conduct

a comprehensive survey of IES economic evaluation methodologies, analyzing 243 highly

relevant papers. Their study classifies IES modeling techniques into multiple categories

and highlights key economic dispatch strategies. Additionally, Peng et al. [112] propose an

evaluation method integrating life cycle analysis and sensitivity analysis to assess potential

profit growth areas in IES deployment. Their findings provide valuable insights into revenue

stream diversification in integrated energy services.

Risk and Reliability Assessment: Ensuring the reliability and resilience of IES under

uncertainties is crucial for sustainable operation. Su et al. [134] propose a systematic reliability

analysis framework that integrates stochastic modeling to evaluate IES performance under

varying conditions. Their approach assesses the interaction of uncertainties in renewable

energy supply, demand fluctuations, and operational constraints. Another approach by Su et

al. [133] employs Value at Risk (VaR) to quantify potential service disruptions. This method

provides insights into the economic impact of operational risks and helps in formulating
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mitigation strategies. Jia et al. [73] investigate the applicability of multi-carrier energy

flow analysis in IES, identifying key uncertainties that affect system stability. Their study

proposes an improved integrated method for handling stochastic variations in energy supply.

Moreover, Su et al. [134] present a two-stage stochastic optimization approach for evaluating

supply reliability in complex IES, accounting for fluctuations in renewable generation and

demand-side uncertainties.

2.3 Technical and Economic Analysis of Hydrogen-Integrated Hybrid Energy

Systems

Hydrogen is increasingly employed as a complementary vector in renewable-dominant systems

to mitigate variability, reduce curtailment, and enable revenue stacking under market exposure.

Project-level TEA of co-located wind–hydrogen configurations show that appropriately

sized electrolysis and storage can materially lower total system cost (nearly 30% in an

optimal planning case), while converting otherwise curtailed energy into storable product

and enhancing operational flexibility [81]. Beyond utility scale, studies of residential and

remote applications (Photovoltaic (PV)–wind–hydrogen for buildings, islanded systems, and

greenhouse reduction) report sizeable GHG reductions and competitive levelized costs when

hydrogen provides long-duration storage and off-grid resilience [8, 140, 57]. Collectively, the

renewables literature positions hydrogen as a long-duration sink that complements batteries,

broadening the feasible design space for high variable renewable energy (VRE) systems [83].

For nuclear-integrated hybrids, hydrogen serves both as a flexibility outlet and as a

product stream that diversifies revenue. Hybrid nuclear–wind systems with hydrogen storage

demonstrate improved load-following with only modest impacts on cash flow and a measur-

able uptick in economic performance [163]. Market-coupled modeling further shows that

profitability hinges on electricity price formation and hydrogen production constraints, with

outcomes differing under price-taker versus price-maker assumptions [51]. On the technology

pathway, high-temperature electrolyzer (HTE) coupled to operating nuclear plants expands

product diversification and system flexibility [78], while comparative TEA indicates that in

certain nuclear–renewable contexts low-temperature electrolyzer (LTE) can be more cost-

effective despite lower efficiency [1]. Advanced fast-reactor concepts co-producing hydrogen

and fuels via HTE report thermal efficiencies exceeding 40% and attractive project metrics

at industrial scale [15]. Feasibility studies in South Africa and the Association of Southeast

Asian Nations (ASEAN) region underscore the enabling role of policy, infrastructure, and

8



regional demand profiles in realizing nuclear–renewable–hydrogen systems for decarbonization

and fuel independence [48, 137].

Despite rapid progress, the literature on hydrogen-integrated IESs remains fragmented

across scales and methods, with several persistent gaps: (i) limited unification of short-interval

operational scheduling with lifecycle TEA across project-, grid-, and nuclear-hybrid contexts;

(ii) incomplete treatment of uncertainty—renewable variability, price formation, and demand

imbalances are often stylized rather than embedded in stochastic, market-coupled models;

(iii) insufficient representation of techno-physical constraints (electrolyzer part-load efficiency,

ramping and degradation; nuclear ramping, minimum generation, and thermal coupling for

HTE) and their economic consequences; (iv) narrow metrics and value streams, emphasizing

LCOE/LCOH while underrepresenting revenue stacking, reliability/ancillary services, and

curtailment mitigation; (v) sparse integration of policy mechanisms and regional market

heterogeneity (e.g., IRA tax credits, MACRS, ISO/RTO rules) into cash-flow–consistent TEA;

and (vi) a dearth of empirically anchored case studies at ISO resolution that link curtailment,

prices, and system decarbonization outcomes. This dissertation addresses these gaps by

developing three optimization-based frameworks that coherently connect hourly dispatch to

TEA at the project, grid, and nuclear-hybrid levels; embedding stochastic supply–demand

and price uncertainty with market participation for energy and ancillary services; explicitly

modeling dynamic equipment constraints and degradation; and internalizing federal incentives

and regional features. A co-located wind–hydrogen case quantifies curtailment reduction

and revenue stacking; an ERCOT-scale analysis evaluates uncertainty mitigation and decar-

bonization; and a nuclear–hydrogen framework demonstrates flexibility enhancement and

improved economics—together yielding policy-relevant, system-level evidence for hydrogen as

a key enabler of resilient, low-carbon IESs.
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CHAPTER 3

EVALUATE THE TECHNO-ECONOMIC FEASIBILITY OF HYDROGEN

STORAGE FOR WIND ENERGY1

3.1 Techno-Economic Analysis Methodology

In this chapter, I will perform a TEA using wind energy as a representative example to

explore the potential and viability of renewable-hydrogen co-location. The TEA for the

sector-coupled wind-hydrogen IES is performed using the open-source techno-economic tool,

Renewable Energy Integration and Optimization tool (REopt) (Renewable Energy Integration

and Optimization), developed by the National Renewable Energy Laboratory (NREL) [97].

Fig. 3.1 depicts the overall framework of the REopt analysis for the integrated wind and

hydrogen system. REopt takes into account various factors, including weather conditions,

electrical load, wholesale electricity prices, and hydrogen prices at the system’s location, to

determine the capacity and dispatch decisions for the components of the IES. The primary

objective is to optimize economic savings or profits from on-site energy production while

maximizing stabilized power output. It should be noted that REopt is best suited for site-

specific studies and is implemented through net export or import limits to the system, rather

than for system-level analyses.

In our study, we have extended the capabilities of REopt by incorporating additional

models for the electrolyzer, hydrogen tank storage, and hydrogen fuel cell. Fig. 5.2 illustrates

the overall architecture of the REopt modules used in this study, along with the input

and output parameters of each component and their respective constraints. To model the

IES, certain user-inputs are provided to REopt, including the capital cost, operations and

maintenance (O&M) cost, annual electricity consumption, battery charging and discharging

efficiency, and other relevant performance parameters of the wind energy system. These inputs

enable the estimation of power generation for the wind and battery components. For the

hydrogen production model, the electrolyzer technology is employed, which utilizes electricity

and a feedstock like water to produce hydrogen. User-inputs for the electrolyzer in REopt

include the capital and O&M costs, feedstock type, electric energy consumed to hydrogen

produced ratio, hydrogen sale price, and other relevant parameters [122, 24, 121, 61]. The

1©2024 ASME. Reprinted, with permission, from Li, H. and Zhang, J., 2024. Towards sustainable
integration: Techno-economic analysis and future perspectives of co-located wind and hydrogen energy
systems. Journal of Mechanical Design, 146(2), p.020903.
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Figure 3.1: TEA framework for the integrated wind and hydrogen system (modified from
[81])

hydrogen storage tank is modeled with considerations for minimum and maximum capacity

limits, installation cost, and O&M cost [109, 24]. These inputs help determine the appropriate

storage capacity for the hydrogen system. Various financial parameters, such as tax rates,

investment-based incentives, capital-based incentives, production-based incentives, discount

rate, and modified accelerated cost recovery system (MACRS), are also taken into account.

These financial inputs are crucial for obtaining realistic results that consider the economic

aspects of the integrated wind-hydrogen system.

By incorporating the electrolyzer, hydrogen tank, and fuel cell technology into the

existing REopt capability, we can now assess the techno-economic performance of wind

and hydrogen IES under various conditions, including different meteorological conditions,

fluctuating electricity and hydrogen prices, and more. Fig. 3.3 depicts the overall structure

of the grid-connected IES with wind, battery, hydrogen, and fuel cells in this study. We have

comprehensively explored and compared the following four scenarios.

1. Case I: Wind+Battery (Base Scenario): This case involves a wind power plant

integrated with a conventional energy storage device. The objective is to minimize
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system costs while achieving maximum stabilized output power. It is assumed in this

study that the maximum stabilized output power of the system aligns with the grid

demand. This approximation is derived from extensive empirical analyses. Thus, it’s

important to note that, within the scope of this study, we do not account for any

potential grid demand deficits. The mathematical model optimizes the capacity and

power size of the energy storage device, ensuring efficient utilization of wind energy

and enhancing grid stability.

2. Case II: Wind+Battery+Electrolyzer (Electrolyzer Integration): In this case,

an electrolyzer is added to the system to convert excess wind energy into hydrogen,

thereby increasing system revenue and energy versatility. The optimization process

determines the optimal sizes of the electrolyzer and energy storage device to maximize

hydrogen generation and storage while minimizing costs.

3. Case III: Wind+Electrolyzer+Hydrogen Tank+Fuel Cell (Hydrogen Storage

and Fuel Cell Integration): This case replaces conventional battery energy storage

with hydrogen storage and a fuel cell. The economic feasibility of this combination is

assessed, considering the lack of battery state-of-charge (SOC) limitations, ensuring

optimal energy storage and utilization. The integration of hydrogen storage and fuel

cells enhances energy conversion efficiency and offers a cleaner and sustainable energy

option.

4. Case IV: Wind+Battery+Electrolyzer+Hydrogen Tank+Fuel Cell (Com-

prehensive Integration): This case represents a holistic approach, incorporating

electrolyzers, hydrogen tanks, fuel cells, and traditional battery storage. A sensitivity

analysis examines the impact of future equipment cost reduction on system costs, pro-

viding valuable insights for long-term planning and investment strategies. Additionally,

grid power integration is explored to enhance wind farm stability during low wind

periods and maximize curtailed wind energy utilization. This comprehensive integration

optimizes the synergies between different components, offering an efficient and resilient

renewable energy system.

The modeling of the IES is a complex process that involves considering multiple technology,

system, and financial constraints. These constraints encompass energy balance, battery and

storage tank states, technology capacities, grid import/export limits, and stabilized output

requirements. The primary objective of the optimization is to minimize the total cost of
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the IES, which includes installation costs for the electrolyzer, wind energy system, batteries,

hydrogen storage, and fuel cells (if applicable), as well as O&M costs, electricity purchases,

taxes, incentives, and profits from electricity and hydrogen sales. The objective function is

formulated as:
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The following constraints are considered in the optimization.

Xrp
th ≤ b̄σt · Zto

th︸ ︷︷ ︸
Maximum Power Rating

∀t ∈ T , h ∈ H (3.2)

Constraint (3.2) ensures that the system’s output is restricted to its maximum power rating

when it is turned on, and it must be 0 when it is off.

Xse
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b ·XbkWh
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Initial State of Charge

∀b ∈ B (3.3)
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b ≤ XbkWh
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b ∀b ∈ B (3.4)

wbkW
b ≤ XbkW

b ≤ w̄bkW
b ∀b ∈ B (3.5)

Constraint (3.3) establishes the initial state of charge for each storage system as a fraction

of its total energy rating. Constraints (3.4) and (3.5) further constrain the size of the

storage system by imposing lower and upper bounds on its energy capacity and power output,

respectively. These bounds limit the range within which the energy capacity and power

output of the storage system can be optimized.
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Xse
bh ≥ wmcp
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Minimum State of Charge

∀b ∈ B, h ∈ H (3.7)

Constraint (3.6) ensures inventory balance for the state of charge of storage system b at

the end of time period h. Constraint (3.7) enforces a minimum state of charge requirement

for the energy stored in the battery. This constraint ensures that the energy in the battery

does not fall below the specified minimum level.

XkW
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bth +Xdfs
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Charging and Discharging Power

∀b ∈ B, h ∈ H (3.8)
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b ≥ Xse

bh ∀b ∈ B, h ∈ H (3.9)

Constraint (3.8) restricts the power that can be charged or discharged from the storage

system in each time step to the storage system’s power rating. Additionally, constraint (3.9)

sets a limit on the amount of energy stored in the storage system in each time step to the

storage system’s energy capacity.
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∀t ∈ T (3.11)

Constraint (3.10) computes the total production incentives, if they are available, for each

technology. Constraint (3.11) sets an upper bound on the system size that qualifies for

production incentives.
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Constraints (3.12) and (3.13) give the input-output relationship and energy balance equations

for the electrolyzer operation process, respectively. Constraint (3.14) sets a limit on the

production of the eletrolyzer to the electrolyzer capacity.

Xsh
th = Xsh

t,h−1 +Xp
eh −Xsell

eh −Xetf
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Net Hydrogen Storage

∀h ∈ H (3.15)

Xsh
th ≤ Xtank ∀h ∈ H (3.16)

Constraint (3.15) ensures inventory balance for the state of charge of hydrogen storage system

at the end of time period h. Constraint (3.16) sets a limit on the amount of hydrogen stored

in the hydrogen storage system in each time step to the hydrogen storage system’s capacity.
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1
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Constraints (3.17) and (3.18) give the relationship between the demand for hydrogen and

the production of electricity and its capacity at each time point of the hydrogen fuel cells,

respectively. Constraint (3.19) sets a limit that hydrogen fuel cells cannot generate more

power per hour than their capacity.

∑
t∈T

fp
th · f

1
t ·Xrp

th︸ ︷︷ ︸
Actual Wind Energy Generation

+
∑
b∈B

Xdfs
bh

=
∑
t∈T

(∑
b∈B

Xpts
bth +Xptg

th +Xpte
th +Xptc

th

)
︸ ︷︷ ︸

Total Wind Energy Generation

+
∑
b∈B

(
Xste

bh +Xstg
bh

)
︸ ︷︷ ︸
Total Battery Discharge

∀h ∈ H (3.20)

∑
t∈T

Xptg
th +

∑
b∈B

Xstg
bh︸ ︷︷ ︸

Energy Delivered to the Grid

= δdh ∀h ∈ H (3.21)
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∑
t∈T

fp
th · f

1
t ·Xrp

th =
∑
t∈T

(∑
b∈B

Xpts
bth +Xptg

th +Xpte
th +Xptc

th

)
∀h ∈ H (3.22)

∑
b∈B

Xstg
bh +

∑
t∈T

Xptg
th ≤ δ̄gh ∀h ∈ H (3.23)

Constraint (3.20) ensures that the load is balanced by equating the sum of power from all

generation technologies and energy storage systems. Constraint (3.21) allows both storage

Xstg
h and production Xptg

h to contribute to the energy delivered to the grid, but the total

contribution must equal the power demand, which is also the stabilized output power of the

system. Constraint (3.22) limits the power allocation to all generation technologies at each

point in time. Constraint (3.23) ensures the transmitted power to the grid does not exceed

the interconnection limit.

XkWh
b , XkW

b ≥ 0 ∀b ∈ B (3.24)

Xstg
h , Xptg

h ≥ 0 ∀h ∈ H (3.25)

Xpi
t , X

σ
t ≥ 0 ∀t ∈ T (3.26)

Xpts
bth ≥ 0 ∀b ∈ B, t ∈ T , h ∈ H (3.27)

Xpte
th , X

ptc
th , X

sh
th , X

rp
th ≥ 0 ∀t ∈ T , h ∈ H (3.28)

Xste
bh , X

dfs
bh , X

se
bh, X

se
b,0 ≥ 0 ∀b ∈ B, h ∈ H (3.29)

Xrp
eh, X

etf
eh , X

p
eh, X

sell
eh , X

rp
eh ≥ 0 ∀e ∈ T gh, h ∈ H (3.30)

Xkg
e ≥ 0 ∀e ∈ T gh (3.31)

Xrp
fh, X

ftg
fh ≥ 0 ∀f ∈ T h, h ∈ H (3.32)

XkW
f ≥ 0 ∀f ∈ T h (3.33)

Zto
th ∈ {0, 1} ∀t ∈ T , h ∈ H (3.34)

Zpi
t ∈ {0, 1} ∀t ∈ T (3.35)

Finally, constraints (3.24-3.33) ensure all of the variables in our formulation assume non-

negative values. In addition to non-negativity restrictions, constraints (3.34, 3.35) establish

the integrality of the appropriate variables.

REopt extends its functionality to provide comprehensive runtime support for the IES

optimization model. This encompasses tasks such as modeling and simulating the various
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constituent modules within IES. Additionally, REopt plays a pivotal role in supplying

coefficients to the optimization model, coordinating the entire optimization procedure, as

well as efficiently handling the processing and dissemination of the resultant outcomes [97].

The problem is formulated as a mixed-integer linear program (MILP), and the FICO Xpress

solver is utilized to find the optimal selection, sizing, and dispatch strategy of technologies

from a candidate pool. Since the solver uses an exact algorithm rather than a heuristic

algorithm to obtain the optimal solution, this optimal solution is also the global optimal

solution. This approach ensures the maximization of stabilized power output at each time

step while minimizing the overall life cycle cost of the system, encompassing both system

costs and profit. The optimization process yields several important outputs, including the

maximized stabilized output power, optimal component sizes, total system expenditure,

capital expenditure (CAPEX) for each component, the trade-off between wind and hydrogen

production, the LCOH, and the LCOE of the IES. Additionally, various financial parameters

such as payback period, life cycle cost, and net present value (NPV) are provided, offering

valuable insights for IES investment, planning, and operation decisions. This comprehensive

modeling approach empowers stakeholders with critical information for designing, optimizing,

and managing the IES effectively, supporting the development of sustainable and economically

viable energy solutions.

In this research, a single-year optimization approach is employed to estimate cash flows over

an extended 25-year period, assuming constant production and consumption throughout the

entire analysis period. This approach assumes perfect foresight in predicting all future events,

encompassing factors like weather conditions and energy demand. While this method provides

valuable insights, it is subject to several inherent limitations that can influence the results and

their real-world applicability. These limitations stem from various assumptions made in the

analysis, including the presumption of consistent wind energy generation, fixed electrolyzer

efficiency, stable hydrogen storage costs, and simplified grid integration. Additionally, these

analyses often rely on historical or estimated data, potentially introducing uncertainties into

the findings. Furthermore, they may not fully account for the influence of technological

advancements, environmental impacts, changing policies, or economic factors.

Key limitations of these studies include the omission of environmental costs and the

oversight of potential technology breakthroughs. Regulatory changes, such as alterations

in government policies or incentives, can significantly affect project economics, but these

analyses often overlook such dynamics. Moreover, it’s important to acknowledge that these

studies are typically location-specific and may not readily generalize well to different regions

with varying resource availability, infrastructure, and market conditions.
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3.2 Numerical Experiments

In this study, the IES is assumed to be located in Snyder, TX, with a planned wind farm

capacity of 253 MW, thus, the decision variable of wind farm size in this model will be fixed

at 253 MW. Historical meteorological data from the year 2020, along with wholesale market

prices from the ERCOT, serve as inputs for the study. Fig. 3.4 visually represents the annual

wind power generation obtained from the simulation. The essential assumptions for setting

up the hybrid energy system are summarized in Table 3.1, with a planning horizon of 25

years. To conduct the TEA, the analysis employs 8,760 hourly data points for the modeled

year (2020).

To enhance the conciseness of this paper while maintaining its focus, we have carefully

selected key parameters for inclusion in Table 3.1. Our criteria for choosing these parameters

are as follows:

• Relevance to Key Components: We have included parameters that are essential

for understanding the key components of our study.

• Impact on Key Results: Parameters that significantly influence critical outcomes,

such as LCOE and total cost, have been prioritized.

• Focus on New Modules: In particular, we have focused on parameters related to the

newly added module, the hydrogen system. For original modules like the wind system,

we have relied on default parameters as described in [97].

For future projections, the study takes into account changes in grid energy costs and

O&M expenses with a constant rate of change. This approach incorporates discounting

factors to account for anticipated cost escalation or de-escalation rates. The study assumes

perfect predictions of all future events, encompassing weather conditions and failure rates.

Moreover, all costs and benefits are discounted using a specified discount rate to present

values, following standard economic practices.

Capital and operating costs for wind, battery storage, various hydrogen generation

technologies, fuel cell, and other system components are referenced from the NREL Annual

Technology Baseline (ATB) [103]. This comprehensive approach allows for a robust analysis

of the IES, enabling strategic decision-making and evaluation of economic viability and

long-term sustainability over the planning period.
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Figure 3.4: The annual wind power generation of the simulated wind farm in 2020

Table 3.1: Key assumptions in the IES setup [122, 24, 121, 61, 109]

Parameter Cost
Electricity consumed per kg of hydrogen produced (low thermal energy) 55 kWh/kg
Hydrogen sale price $2/kg
Hydrogen slope for fuel cell 0.076 kg/kWh
Electrolyzer installation cost $48,000/kg/yr
Fixed electrolyzer O&M cost $3,600/kg/yr
Variable electrolyzer O&M cost $0.24/kg
Fuel cell installation cost $500/kW
Fuel cell fixed O&M cost $30/kW
Planning period 25 years
Minimum allowable battery SOC 0.2

21



3.2.1 Results and Discussion

Table 3.2 presents a comprehensive overview of the optimal sizing of various components

within the IES, including wind, electrolyzer, battery, tank, and hydrogen fuel cell, along with

the corresponding total system costs for all four cases. The results indicate significant cost

reductions in Case II (Electrolyzer Integration) and Case III (Hydrogen Storage and Fuel Cell

Integration) by 7% and 26%, respectively, compared to the benchmark Case I. Particularly

in Case III, battery storage is excluded and replaced by the integration of a hydrogen storage

tank and fuel cell system.

In Case IV (Comprehensive Integration), the higher total system cost is attributed to

the increased stabilized IES power output (i.e., 57 MW). In order to further evaluate the

economic advantages of the Case IV combination, we added two additional sub-cases, which

have the same stabilized IES output power as Case II and Case III, respectively, namely

Case IV(a) and Case IV(b). When comparing the stabilized IES power outputs of 28.3 MW

(Case IV(a)) and 39 MW (Case IV(b)) to Cases II and III, respectively, the total system

cost in Case IV can be reduced by 23% and 26%. Notably, the curtailed rate of wind energy

is lower in Case IV, suggesting the more efficient utilization of the electrolyzer, which was

deliberately chosen to be smaller to meet the objective of minimizing the total system cost

while maintaining maximum stabilized output. Indeed, Case III exhibits the lowest curtailed

rate among all the cases due to its installation of the largest electrolyzer and its concerted

effort to maximize the utilization of wind energy. However, it is essential to note that this

configuration may not be the most economical option, as the utilization of the electrolyzer

is not optimized sufficiently. This observation is further validated by the LCOH results,

which indicate that Case III has the highest LCOH among all cases. Therefore, while the

wind curtailed rate in Case III appears favorable, it must be cautiously interpreted in light

of the higher LCOH and potential inefficiencies in the utilization of the electrolyzer. This

information is crucial for the IES planning, as it highlights the trade-offs between curtailed

rates and overall system economics and efficiency in the decision-making process.

These findings shed light on the cost-effective configurations and strategic component

selections within the IES to achieve optimal performance and address energy demands

efficiently. The outcomes provide valuable insights for decision-makers seeking to strike a

balance between system costs, renewable energy utilization, and curtailment rates, while

striving for a sustainable and economically viable integrated energy solution.

Fig. 3.5 provides a detailed view of the monthly energy output distribution for each

component in the four cases. A comparison between Case I and Case II reveals that the
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Table 3.2: Integrated energy system component capacity and cost

Technology Case I Case II Case III Case IV
Case IV

(a)
Case IV

(b)

Wind 253 MW 253 MW 253 MW 253 MW 253 MW 253 MW
Stabilized IES
power 28.3 MW 28.3 MW 39 MW 57 MW 28.3 MW 39 MW
LCOE of
wind $0.0479/kWh $0.0479/kWh $0.0479/kWh $0.0479/kWh $0.0479/kWh $0.0479/kWh

Fuel cell N/A N/A 39,000 kW 32,284 kW 25,823 kW 33,001 kW

Hydrogen tank N/A N/A 185,236 kg 208,565 kg 59,247 kg 128,573 kg
Battery energy
capacity 1,064,030

kWh
1,064,030

kWh
N/A 867,950

kWh
54,217 kWh 160,555

kWh
Battery power
capacity 224,497 kW 224,497 kW N/A 183,127 kW 11,439 kW 33,875 kW

Electrolyzer N/A 1,965 kg/h 3,888 kg/h 1,908 kg/h 2,157 kg/h 2,214 kg/h

Total system cost $1,112,071,117$1,033,978,268$822,851,256 $1,193,795,109$633,249,296 $767,428,831
Wind curtailment
rate 79.1% 21% 0.02% 13.1% 27.4% 21%

LCOH N/A $4.07 $5.01 $4.38 $4.52 $4.56

addition of the electrolyzer in Case II, a power consumer component, results in a portion of

the wind power being allocated to supply the electrolyzer. Despite the unchanged battery

capacity compared to Case I, the batteries in Case II occupy a larger share of the output,

leading to an increase in their utilization rate. In Case III, the hydrogen fuel cell fully replaces

the function of the conventional battery pack. The results show that the hydrogen fuel cell

in Case III effectively substitutes the conventional battery pack and is capable of delivering

higher stabilized power output. Comparing Case IV with Case I, the combination of the fuel

cell and the battery further optimizes the IES’s potential, resulting in higher stabilized power

output. Nevertheless, the installed capacity of both the fuel cell and the battery is reduced

compared to the previous cases.

These findings underscore the system’s adaptability and the strategic allocation of com-

ponents to achieve higher power output and efficiency. The integration of the hydrogen

fuel cell and battery in Case IV demonstrates the potential for improved performance while

optimizing component sizes to achieve a balance between system capabilities and resource

utilization. The detailed monthly energy output distribution offers valuable insights into

the system’s performance under varying conditions throughout the year. It highlights how

different configurations impact the overall energy distribution among components, providing

a clearer understanding of the IES’s operation and potential energy savings.

To strike a balance between generality and specificity, the analysis encompasses the

system’s overall behavior while also zooming in on its specific operational state. Fig. 3.6

provides insights into the wind power allocation and the SOC of battery and hydrogen tanks

within the IES over a randomly selected 168 consecutive hour period for the four cases. This
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Figure 3.5: Monthly output energy of the IES for each component in the four cases

view offers a more detailed perspective on the operational behavior of system components.

Notably, the SOC of the battery in Case II exhibits more frequent fluctuations, which is

consistent with the observations in Fig. 3.5. This highlights the dynamic nature of the energy

storage system in Case II, where the battery’s charge and discharge cycles respond to the

variable wind power generation and hydrogen production.

Examining the curtailed rate, the figure reveals that Cases II and III effectively utilize

substantial portions of wind energy that would have been curtailed, directing it to the

electrolyzer for hydrogen production. This observation aligns with the lower curtailed rates

reported in Table 3.2 for these cases compared to Case I. Furthermore, when comparing wind

energy allocation to the electrolyzer in Cases II and IV, it is evident that more curtailed wind

energy is efficiently utilized by the electrolyzer in Case IV, in line with the earlier mentioned

higher utilization efficiency of the electrolyzer in that case.

Additionally, the SOC of energy storage devices in all four cases during the Hours 40-80

time period, characterized by a relative shortage of wind energy resources, indicates that both

batteries and hydrogen tanks play crucial roles in compensating for the IES power output
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gap during such wind energy shortages. This comprehensive analysis of operational details

sheds light on the dynamic behavior and synergistic functioning of system components within

the IES.
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Figure 3.6: Hourly wind power allocation and state of charge (SOC) of battery and hydrogen
tank within the IES over a randomly selected 168 consecutive hour period. Battery, Grid,
and Electrolyzer in the legend represent the hourly wind power allocation to the battery,
grid, and electrolyzer, respectively. Curtailed and Wind Generation represent wind energy
curtailment and actual wind power generation, respectively.

3.3 Sensitivity Analysis

In Case IV (Comprehensive Integration), three sets of sensitivity analyses were conducted on

the IES to assess the impacts of various factors. Firstly, we explored the influence of hydrogen
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prices on system configurations and parameters. This analysis provided valuable insights into

key metrics such as LCOH, total system cost, size of the electrolyzer, and curtailed wind

energy rates. Secondly, we examined how different regional wind resources affected the IES.

Lastly, we assessed the effects of future component prices on the IES, simulating different price

scenarios for wind, battery, electrolyzer, fuel cell, and hydrogen tank installation costs. These

analyses offered essential information for decision-making, risk mitigation, and optimized

investment strategies, fostering sustainable planning and shaping policies for a resilient and

environmentally friendly energy future within the IES.

3.3.1 Impact of Hydrogen Prices on System Configurations

Regarding the impact of hydrogen selling price on the IES, our investigation focused on four

key parameters: LCOH, CAPEX of the IES, size of the electrolyzer in the IES, and the

curtailed rate of wind energy within the system. In the baseline Case IV, the selling price of

hydrogen was fixed at $2/kg. However, for the sensitivity analysis, we introduced variations

in the hydrogen sale price, ranging from $2/kg to $5.5/kg. This allowed us to explore the

effects of different price levels, resulting in a total of 8 new simulated cases to assess the

influence of these changes.

Fig. 3.7 illustrates a comprehensible result that emerged from this analysis: as the price

of hydrogen increases, the total cost of the IES decreases. This outcome is understandable

because the higher hydrogen price leads to increased IES hydrogen revenues, partially

offsetting the total system cost. It is also relatively intuitive to observe how the size of the

electrolyzer and the curtailed rate of wind energy are affected by the higher hydrogen price.

As the hydrogen price rises, the IES tends to install larger electrolyzers to produce more

hydrogen, aiming to reduce the total system cost and, consequently, decreasing the amount

of wind energy curtailed.

However, one important finding is that the increase in LCOH is mainly due to the larger

size of the electrolyzer, which results from the higher hydrogen price. As the size of the

electrolyzer increases, the utilization rate of the electrolyzer gradually decreases, leading

to a decrease in the hydrogen produced per unit of installed capacity. Consequently, this

increase in the LCOH metric is observed. These insights are valuable for understanding

the trade-offs and interconnections between hydrogen selling price, system cost, electrolyzer

size, and curtailed wind energy within the IES. It informs decision-makers on how to strike

a balance between these parameters to achieve cost-effective and efficient operation while

ensuring a sustainable and economically viable IES.
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Figure 3.7: Sensitivity analysis of the impact of hydrogen price on levelized cost of hydrogen
(LCOH), capital expenditure (CAPEX), curtail rate price

3.3.2 Impact of Regional Variations on System Configurations

To capture regional variations, we consider four distinct wind farms located in strategic

regions: the ERCOT, the Midcontinent Independent System Operator (MISO), the Southwest

Power Pool (SPP), and the Pennsylvania-New Jersey-Maryland Interconnection (PJM). These

locations were chosen to represent diverse Independent System Operators (ISOs) with unique

wind resource characteristics. For a comprehensive representation, we have provided the

geographic coordinates of these locations in Table 3.3. In this particular sensitivity analysis,

we investigate how different wind profiles from diverse regions impact the IES. By thoroughly

examining key performance metrics, such as LCOE, LCOH, CAPEX, and curtailed rates

under various wind scenarios, this study reveals crucial insights into the system’s overall

performance and economic viability.

The outcomes of this sensitivity analysis are depicted in Fig. 3.8, which showcases how

the different wind profiles in each region affect the IES metrics. Among the four wind farms,

the one situated in ERCOT stands out with the most abundant wind resource, resulting in

the lowest LCOE, LCOH, and CAPEX, while concurrently exhibiting the highest curtailed

rate. This valuable information aids in understanding the strengths and challenges associated
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Table 3.3: The location of the four distinct wind farms located in different ISO regions

ERCOT MISO SPP PJM
Lon. -100 -93 -94 -87
Lat. 32 46 40 40

with each region’s wind resources, guiding strategic decision-making and potential investment

opportunities for achieving enhanced system performance and cost-effectiveness within the

IES.

The ERCOT wind farm’s favorable outcomes highlight its potential as an attractive

location for renewable energy integration and hydrogen-based storage. The abundance

of wind resources leads to lower LCOE and LCOH, making the electricity and hydrogen

produced in this region more competitive in the energy market. Additionally, the reduced

CAPEX indicates that the initial investment required for establishing the IES is relatively

lower in ERCOT, potentially attracting investors and stakeholders interested in sustainable

energy projects. However, the high curtailed rate observed in ERCOT suggests a challenge in

efficiently utilizing the surplus wind energy. This finding calls for innovative energy storage

strategies, such as hydrogen production and storage, to effectively capture and store excess

energy during periods of high wind generation.

Conversely, wind farms in other regions, such as MISO, SPP, and PJM, exhibit different

trade-offs. While these regions may have higher LCOE, LCOH, and CAPEX due to relatively

lower wind resources, they also experience reduced curtailed rates, indicating better utilization

of wind energy. These regions may have a higher focus on optimizing energy storage solutions

and balancing mechanisms to align electricity supply with demand. To offer decision makers

a more comprehensive grasp of the interrelationships among the four systematic evaluation

metrics, we have further summarized their connections as follows. LCOE and Wind

Resource: Our analysis reveals that LCOE remains consistent across all cases, signifying

its primary association with the wind resource available at a specific location. Areas with

superior wind resources tend to exhibit lower LCOE, and vice versa. LCOH and LCOE

Correlation: There exists a positive correlation between LCOH and LCOE due to the

significant influence of electricity, a major cost component in hydrogen production, shared

by both metrics. CAPEX and Cost Metrics: CAPEX is found to be lower when both

LCOE and LCOH exhibit lower values, although the correlation is not extremely strong.

This suggests that reducing operational costs can potentially lead to reduced capital costs.

Curtailment Rate: The curtailment rate is influenced by various factors such as wind

resource volatility and system configuration. It is suggested that considering wind curtailment
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rate as an additional optimization objective in future research could facilitate multi-objective

optimization and provide deeper insights.
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Figure 3.8: Sensitivity analysis of the impact of wind profile in different regions on levelized
cost of energy (LCOE), LCOH, CAPEX, and curtailed rate

Table 3.4: Annual technology baseline ($/kW for CAPEX, O&M except
tank: $/kg) [103, 123, 106, 3]

Year
CAPEX O&M

Wind Batt.a Elec. FC Tank Wind Batt.b Elec. FC Tankc

2020 1,874 840 48,000 500 1,168 40 410 3,600 30 117
2025 1,323 838 46,000 450 1,110 35 400 3,500 28 111
2030 1,274 620 44,000 400 1,070 34 340 3,400 26 107
2035 1,231 512 42,000 350 1,040 33 328 3,300 25 104
2040 1,188 454 40,000 300 1,010 32 313 3,200 24 101
2045 1,145 410 38,000 250 980 31 300 3,100 23 98
2050 1,102 346 36,000 200 950 30 289 3,000 22 95

a Battery CAPEX: Total upfront battery power capacity costs; energy capacity cost is
half.
b Battery O&M: Replacement cost at replacement year.
c Tank: $/kg.
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3.3.3 Impact of Future Component Prices on System Configurations

The final set of sensitivity analyses investigates the influence of component prices within the

IES on key performance metrics over a thirty-year horizon [103, 123, 106, 3], as presented in

Table 3.4. As technology matures, the prices of these components are expected to decline.

This analysis aims to assess how fluctuations in prices for components like wind, battery,

electrolyzer, fuel cell, and hydrogen tank installation costs impact critical IES metrics,

including LCOE, LCOH, CAPEX, wind curtailed rate, and system component sizes.

By understanding the implications of future component prices on the IES, stakeholders

can make informed decisions, mitigate risks, and devise optimized investment strategies.

It facilitates sustainable planning, policy formation, and ensures long-term sustainability.

Moreover, this analysis offers competitive advantages, fosters public acceptance, and aids in

resource allocation. The comprehension of how price fluctuations influence key IES metrics

enables the development of cost-effective, resilient, and environmentally friendly energy

solutions for a sustainable future.

Fig. 3.9 illustrates the temporal evolution of each key IES metric and component

sizes as prices decrease. Financial metrics, such as LCOE, LCOH, and CAPEX, exhibit

a progressive reduction. As component prices decrease, the overall cost of electricity and

hydrogen production decreases, leading to more economically viable solutions. Additionally,

the electrolyzer size increases with decreasing prices, enabling better utilization of curtailed

wind energy and consequently lowering the wind curtailed rate. The larger electrolyzer

capacity allows for more efficient conversion of excess wind energy into hydrogen, maximizing

the system’s energy utilization. However, the sizes of storage devices and hydrogen fuel cells

remain unchanged, primarily due to their limited sensitivity to price variations as essential

support components for IES operations.

3.4 Summary

In this research, we conducted a comprehensive TEA of co-located wind and hydrogen energy

within an IES to explore cost-effective and sustainable energy solutions. It was found that

comparing to configurations that only have wind and conventional battery combinations,

incorporating an electrolyzer results in a 7% reduction in the total cost of the IES, and

utilizing hydrogen as the energy storage medium for hydrogen fuel cells leads to a 26% cost

reduction.

The sensitivity analysis of hydrogen prices revealed that higher hydrogen selling prices led

to reduced total system costs due to increased hydrogen revenues, thus partially offsetting
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Figure 3.9: Sensitivity analysis of future components’ prices

IES expenses. Moreover, as the hydrogen price increased, the IES strategically installed

larger electrolyzers to convert excess wind energy into hydrogen, resulting in a significant

reduction of wind curtailment rates.

Investigating regional wind profiles allowed us to identify ERCOT as a region with the

most abundant wind resource, resulting in the lowest LCOE. However, the high curtailed rate

in ERCOT indicated the need for further consideration of grid limitations and operational

challenges in the region.

The analysis of future component prices illustrated a progressive reduction in financial

metrics, such as LCOE, LCOH, and CAPEX, with decreasing costs over the thirty-year

horizon. The increase in the size of the electrolyzer with decreasing prices led to improved

utilization of excess wind energy and a decrease in wind curtailment rates. This demonstrates

the system’s adaptability to changing technology costs and its potential for enhanced cost-

effectiveness over time.
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Overall, our research offers valuable insights for decision-makers and planners seeking to

develop sustainable, resilient, and environmentally friendly energy solutions within an IES.

By considering diverse scenarios and specific data findings, stakeholders can strategically

allocate resources, optimize component selections, and devise investment strategies that align

with long-term objectives and market dynamics. This holistic approach to TEA empowers

stakeholders to make informed decisions, mitigate risks, and shape policies that foster a

sustainable and economically viable energy future. By harnessing the potential of co-located

wind and hydrogen energy, we pave the way for a greener and more sustainable energy

landscape, contributing to a resilient and carbon-neutral future.

Future research directions in the field of co-located wind and hydrogen energy within IES

hold significant potential for advancing sustainable energy solutions. Continued investigation

into the optimization of component configurations and sizing strategies can further enhance

system performance and economic feasibility. Additionally, exploring advanced energy storage

technologies, such as advanced batteries and novel hydrogen storage solutions, can improve

the overall efficiency and reliability of the IES. Integration of advanced forecasting and control

algorithms can also be explored to better manage the variability of renewable energy sources

and enhance grid stability. Furthermore, research on the scalability and replicability of IES

models in different geographic regions will be valuable for widespread implementation and

adoption. Lastly, considering the social and environmental impacts of IES deployment can

contribute to fostering community acceptance and promoting sustainable development in the

energy sector.

32



CHAPTER 4

ASSESS HYDROGEN’S ROLE IN INCREASING RENEWABLE ENERGY

PENETRATION AND GRID DECARBONIZATION1

In the previous chapter, we investigated the techno-economic feasibility of utilizing hydrogen

as an energy storage medium within renewable energy integration systems, emphasizing a

multi-scenario case study of wind-hydrogen co-located systems. Building upon these insights,

this chapter broadens the analytical scope to examine the potential benefits of hydrogen

within a grid-scale context, particularly addressing the challenges associated with renewable

energy uncertainties and carbon reduction targets. Specifically, a comprehensive case study

centered on the ERCOT is presented, offering detailed analyses and scenario evaluations to

elucidate hydrogen’s strategic role in facilitating renewable energy expansion and achieving

substantial carbon emission reductions.

The international community has set ambitious goals for reducing carbon emissions and

controlling climate change [2, 94, 70], with the United States aiming for net-zero emission

electricity by 2035 [32]. In alignment with these objectives, Texas, endowed with vast

renewable energy resources, has committed to significantly expand its wind and solar power

capacities [35, 46, 7]. However, the intermittent nature of these renewable energy sources

presents significant challenges to grid stability and reliability, compounded by the uncertainty

of the actual total installed capacity in the future and the uncertainty of the growth of future

demand for electricity. Without effective solutions, these challenges could lead to potential

power outages and inefficiencies in energy supply, undermining the state’s renewable energy

goals. To address these difficulties, Texas needs to implement additional measures, such as

advanced energy storage solutions and grid management technologies [46, 47, 84]. Specifically,

integrating hydrogen production and utilization can play a crucial role in stabilizing the

grid and enabling more renewable energy generation. This approach not only addresses the

current limitations of renewable energy integration but also positions Texas as a leader in the

emerging hydrogen economy, with potential economic and environmental benefits (Fig. 4.1).

Robust energy storage solutions are critical for large-scale renewable deployment, and

hydrogen offers a promising option due to its capacity for long-term storage and versatility.

Furthermore, Texas has a large-scale industrial demand for hydrogen, particularly in the Gulf

1Li, H. and Zhang, J., 2025. Hydrogen’s role in expanding renewable energy and reducing carbon emissions
in Texas. International Journal of Hydrogen Energy, 113, pp.77-89.
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Figure 4.1: Conceptual Diagram of the Future Texas Power System with Hydrogen Integration.
The future Texas power system will rely on combined cycle gas-turbine (CCGT) plants, wind,
and solar to meet ERCOT’s demand, with batteries and hydrogen providing energy storage.
Natural gas will also produce hydrogen via steam methane reforming (SMR) for industrial
use, with CO2 emissions from both gas plants and SMR captured and stored through carbon
capture, utilization, and storage (CCUS) technology to achieve zero carbon emissions.

of Mexico, where it is used in refining, ammonia production, and chemical processes [13, 81].

Currently, the hydrogen economy is in its nascent stage, with hydrogen production primarily

used in industrial applications and accounting for less than 1% of the global energy mix [101].

Scaling hydrogen to support renewable energy development requires substantial investment

and technological advancements. Challenges include the high cost and limited capacity of

electrolyzers, the need for extensive Carbon Capture, Utilization, and Storage (CCUS) for

steam methane reforming (SMR) processes, and policy and market acceptance hurdles.

To address these uncertainties and challenges, this chapter introduces a stochastic op-

timization model that considers different scenarios of future renewable energy deployment

completions and electricity demand growth. Past studies have often focused on changes in

renewable energy generation due to meteorological factors [13, 126, 30, 21] and hydrogen’s role

in decarbonization through infrastructure development and regional hydrogen hubs [74, 148].

Studies have also examined stochastic optimization to address energy uncertainties [161, 160]
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and the economic implications of hydrogen deployment [132]. Furthermore, advancements in

grid flexibility, CCUS technologies, and global case studies on hydrogen integration highlight

the potential for achieving cross-sectoral decarbonization [31, 86]. However, this study takes

a more macro view, considering the impact of total installed capacity and the growth rate

of total energy demand on the energy supply-demand balance. Additionally, it examines

the construction of a hydrogen network across Texas within the context of the regional

hydrogen hub to address the uneven geographic distribution of energy supply and demand.

By incorporating these scenarios, the model provides a more comprehensive and realistic

framework for planning and optimizing hydrogen integration. This innovation enhances

the resilience and flexibility of the energy system by accounting for uncertainties in future

deployment and demand.

4.1 A Stochastic Optimization Model for Renewable Energy Integration in the

Electric Reliability Council of Texas (ERCOT) Power Grid

This study covers the entire ERCOT jurisdiction, dividing it into eight weather zones based

on ERCOT’s climate zoning. Each zone shares the same meteorological data, meaning

generating resources within each zone have the same capacity factor, applicable to both

installed and planned resources. The methodology involves a stochastic scenarios design,

considering three scenarios for the completion of planned installed capacity: low (0%, status

quo, no new equipment installed), medium (30% completion rate), and high (80% completion

rate). The probabilities of low, medium, and high scenarios occurring are assumed to be 0.1,

0.7, and 0.2, respectively [118]. For the analysis of electricity demand growth, we added or

subtracted 2% from ERCOT’s projected 2030 electricity demand for the low and high demand

cases, respectively, and projected values for the medium case [44]. The probabilities for the

the cases are 0.2, 0.5, and 0.3 (Table 4.1). By combining these cases, we end up with nine

stochastic scenarios and the probability of each occurring is summarized in Table 4.2. In this

study, we focus on addressing the uncertainties associated with future electricity supply and

demand. While we acknowledge that future hydrogen demand is also subject to significant

uncertainty, obtaining reliable and accurate data on hydrogen demand remains challenging

at this time. Additionally, the inherent unpredictability of future hydrogen trends further

complicates its modeling. To balance computational complexity with the goal of producing

meaningful and referable results, we have assumed a fixed value for future hydrogen demand

within the stochastic optimization model.

35



Table 4.1: Uncertainty scenarios for installed capacity and electricity demand growth

Parameters Scenarios Description Probability

Power demand
Low

2% decrease in ERCOT
projections for 2030

0.2

Medium ERCOT projections for 2030 0.5

High
2% increase in ERCOT
projections for 2030

0.3

Completion
rate of planned
installed capacity

Low 0 0.1
Medium 30% 0.7
High 80% 0.2

Table 4.2: Probability of stochastic scenarios

Scenarios Power demanda Power generation Probability
1 L L 0.02
2 L M 0.14
3 L H 0.04
4 M L 0.05
5 M M 0.35
6 M H 0.1
7 H L 0.03
8 H M 0.21
9 H H 0.06

a L for low case, M for medium case, H for high case.

For the planned additional battery capacity, we assume a 100% completion rate. We

also assume that hydrogen demand will remain relatively stable over the next few years,

considering factors such as the progress of hydrogen hub completion, penetration of hydrogen

vehicles, and changes in hydrogen demand in heavy industry and the petrochemical sector.

The primary data used in the analysis include the existing installed capacities of solar,

wind, and battery storage in each region [42], the capacities of various types of equipment

scheduled to come online by 2030 [118], and the demand for electricity and hydrogen in

each region [35, 43, 13]. This comprehensive approach allows us to accurately model the

impacts of different scenarios on the energy system, providing valuable insights into the future

integration of renewable energy and hydrogen in Texas. Some of the key data used in the

stochastic optimization model are summarized in Table 4.3.
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Table 4.3: Key parameters used in the stochastic optimization model for the benchmark case
study [13, 126, 28, 14, 81].

Category Items Value Unit

General

Electricity to hydrogen (λe2h) 55 kWh/kg
Hydrogen to electricity (λh2e) 17 kWh/kg
Battery efficciency (ηcha//dis) 0.95 -

Hydrogen price (ρh) 4 $/kg
Project discount rate (δ) 5% -

Life time 30 Year
Oxygen selling price (ρo) 0.007 $/kg

Carbon capture and storage cost (cp) 500 $/T
Deionized water cost (cw) 0.4 $/kg

Emission factor (SMR) (f smr) 10 T/T
Emission factor (Power) (fpower) 0.45 T/MWh

Electrolyzer
CAPEX cost (cins1 ) 588 $/kW
O&M cost (com1 ) 3.50% -
water rate (rw) 14.48 $/kW-year

H2 Storage
CAPEX cost (cins2 ) 74.8 $/kW
O&M cost (com2 ) 5% -

Transportation cost per unit (ctr) 3 $/km·T−1

Fuel cell
CAPEX cost (cins3 ) 994 $/kW
Fixed O&M (com3 ) 13.43 $/kW-year

The Optimization Model

This stochastic optimization model aims to optimize the design and operation of a renewable

energy system integrated with hydrogen storage and power generation technologies under

various stochastic scenarios. The model captures the interplay between energy demand,

hydrogen generation, and storage technologies under uncertain future scenarios [82, 80]. The

core objective is to minimize the overall costs associated with the energy system, subject to

constraints related to energy balance, hydrogen and battery storage, and resource availability.

The objective of the optimization model is to minimize the total system cost, Es(ATC),

which comprises CAPEX for installing technologies like electrolyzers, fuel cells, and hydrogen

storage tanks across regions. These costs are discounted over the lifetime of the technologies

using a discount rate, accounting for the time value of money. Additionally, the total cost

includes fixed and operational expenditures, Es(O&Ms), which cover hydrogen transportation,

water and oxygen costs, hydrogen production, carbon costs, and penalties for emissions and

unmet demand, while also factoring in revenue from the sale of hydrogen and oxygen. The
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operational expenses, occurring during the runtime phase, are based on expected values

across all stochastic scenarios, ensuring that uncertainties in system performance and costs

are captured (Eqs. 4.10, 4.2, and 4.3).

Objective Function

min Es(ATC) = CAPEX + Es(O&Ms) (4.1)

Here, ATC stands for the average total cost (sum of the CAPEX and the expected operating

& maintenance costs). The operator Es(·) represents the scenario-weighted expectation over

all scenarios s. CAPEX is the total capital cost, while O&Ms denotes the operating &

maintenance costs under scenario s.

CAPEX =
I∑

i=1

K∑
k=1

xi,k ·
cinsk∑lifetime

τ=1
1

(1+δ)τ

(4.2)

In this expression, xi,k is the installed capacity of technology k in region i, where k = 1, 2,

and 3 represent the electrolyzer, hydrogen storage tank, and hydrogen fuel cell, respectively.

cinsk is the installation cost per technology, while δ is the discount rate. The denominator∑lifetime
τ=1

1
(1+δ)τ

is the present-worth factor over the lifetime of the technology.

Es(O&Ms) =
∑
i∈I

∑
k∈K

xi,k · comk

+
∑
s∈S

ξs

(∑
i∈I

∑
j∈I

∑
t∈T

ctr · htri,j,t,s · di,j
)

+
∑
i∈I

∑
t∈T

cw · wi,t,s

+
∑
i∈I

∑
t∈T

(cs · f smr + hcost) · hsmr
i,t,s

+
∑
i∈I

∑
t∈T

(cp · fpower + cpen) · ϵni,t,s

−
∑
i∈I

∑
t∈T

ρh · hsei,t,s −
∑
i∈I

∑
t∈T

ρo · oi,t,s

(4.3)

Here, comk is the fixed O&M cost per technology per year, and ξs is the probability of scenario

s. ctr is the hydrogen transportation cost per unit, htri,j,t,s is the hydrogen flow from region i

to region j at time t and scenario s, and di,j is the distance between regions i and j. cw is

the water cost; wi,t,s is the water usage in region i; cs is the SMR carbon cost; f smr is the

SMR emission factor; hcost is the hydrogen price of SMR; cp is the CCS cost; fpower is the
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gas power emission factor; cpen is the penalty cost per MWh; ϵni,t,s is the purchased electricity;

ρh, ρo are the prices of hydrogen and oxygen, respectively; hsei,t,s is the hydrogen sold; and

oi,t,s is the oxygen usage.

Constraints

The constraints ensure feasible system operation, respecting physical limits and balancing

energy/resources. They are grouped for clarity: energy balance, hydrogen balance, storage

limits, resource usage, and demand constraints.

ϵhi,t,s + ϵdisi,t,s + ϵni,t,s − ϵchai,t,s − ϵe2hi,t,s = χi,t,s − ϵri,t,s, ∀i, t, s (4.4)

Equation (4.4) states the energy balance, where ϵhi,t,s is electricity generated from hydrogen,

ϵdisi,t,s is battery discharging, ϵni,t,s is purchased electricity, ϵchai,t,s is battery charging, ϵe2hi,t,s is

electricity used for hydrogen production, χi,t,s is the electricity demand, and ϵri,t,s is the

renewable generation.

θhi,t,s = θhi,t−1,s +
∑
j ̸=i

(
htrj,i,t,s − htri,j,t,s

)
+
ϵe2hi,t,s

λe2h
− hsei,t,s −

ϵhi,t,s
λh2e

, ∀i, t, s (4.5)

Equation (4.5) captures hydrogen balance. θhi,t,s is the hydrogen tank’s state of charge, λe2h

is the efficiency of electricity-to-hydrogen conversion, and λh2e is the hydrogen-to-electricity

efficiency.

θbi,t,s = θbi,t−1,s + ηcha · ϵchai,t,s −
ϵdisi,t,s

ηdis
, ∀i, t, s (4.6)

Equation (4.6) is the battery storage balance. θbi,t,s is the battery state of charge, ηcha and

ηdis are charging and discharging efficiencies, respectively.

θhi,t,s ≤ xi,2, ∀i, t, s (4.7)

θbi,t,s ≤ βi, ∀i, t, s (4.8)
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Equations (4.7) and (4.8) impose capacity limits on hydrogen tanks xi,2 and battery storage

βi, respectively.

wi,t,s = rw ·
ϵe2hi,t,s

λe2h
, ∀i, t, s (4.9)

oi,t,s = ro ·
ϵe2hi,t,s

λe2h
, ∀i, t, s (4.10)

Equations (4.9) and (4.10) specify water and oxygen consumption for hydrogen production,

where rw and ro are the water and oxygen rates per unit of hydrogen produced, respectively.

∑
s∈S

ξs
∑
t∈T

hsei,t,s = ψi · hdi, ∀i ∈ I (4.11)

∑
s∈S

ξs
(
hsei,t,s + hsmr

i,t,s

)
≥ κi,t, ∀i, t (4.12)

Equations (4.11) and (4.12) enforce hydrogen demand satisfaction. hsei,t,s is hydrogen sold,

hsmr
i,t,s is hydrogen from SMR, ψi is the demand satisfaction rate, hdi is the total hydrogen

demand, and κi,t is the hourly hydrogen demand.

ϵhi,t,s ≤ xi,3, ∀i, t, s (4.13)

ϵe2hi,t,s ≤ xi,1, ∀i, t, s (4.14)

Equations (4.13) and (4.14) limit electricity generation from hydrogen and electricity-to-

hydrogen conversion by the installed capacities xi,3 and xi,1, respectively.

θbi,0,s = 0.8 · βi, ∀i, s (4.15)

θbi,0,s = 0, ∀i, s (4.16)

Equations (4.15) and (4.16) set initial conditions for battery and hydrogen storage, respectively.

ϵni,t,s ≤ max
(
χi,t,s − ϵri,t,s, 0

)
, ∀i, t, s (4.17)

Equation (4.17) restricts hourly power purchase ϵni,t,s by ensuring it does not exceed the gap

between the demand χi,t,s and renewable generation ϵri,t,s. This promotes maximum use of

renewables while allowing necessary flexibility via Combined Cycle Gas Turbine (CCGT)

power.
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4.2 Results

4.2.1 Optimization of The Power System

We optimize the energy mix for each zone within the ERCOT [45] by minimizing the total

system cost of hydrogen-assisted storage for renewable energy, considering future total installed

renewable energy capacity and the capacity of backup CCGT plants under the uncertainties

of both total expected installed capacity of renewable energy and electricity demand growth.

The objective is to achieve an optimal balance between renewable and non-renewable energy

sources throughout the year. The total system cost includes the capital and operational

costs of hydrogen-related equipment, such as electrolyzers, hydrogen storage tanks, and

hydrogen fuel cells, as well as the costs associated with hydrogen transportation, and the

capture and storage of carbon dioxide (CO2) produced by SMR processes used for hydrogen

production and CCGT for power generation. For electricity from CCGT, we focus solely

on the wholesale tariffs and the costs of CO2 mitigation from these plants, rather than the

expenses of constructing new gas-fired power plants. This approach ensures a comprehensive

assessment of the economic implications of integrating hydrogen storage into the renewable

energy framework, providing a clear understanding of the trade-offs and benefits associated

with different energy mix scenarios, and enabling the development of a cost-effective and

sustainable energy strategy for Texas (Fig. 4.2).

Taking into account the planned installed capacity of each region, the possible percentage

of completion, the demand for electric energy, the uncertainty in the growth rate of electric

energy, the capacity factor of wind and other resources, we prioritized renewable energy

[118, 43, 42]. In this study, we assume that renewable energy is first supplied to meet the

demand for electric energy, and any surplus is used for hydrogen production. Additionally,

we consider the carbon dioxide factor of CCGT, hydrogen demand, and the efficiency of

the conversion between hydrogen and electricity. Based on these factors, we determined the

optimal values for required installed capacity of CCGT, the green hydrogen (electrolyzers

with renewable energy) fulfillment rate, the state of charge of the battery, and the state of

the hydrogen tanks in each region, as summarized in Table 4.4. As shown in Fig. 4.4a, the

stochastic optimization effectively balances the system’s power supply. During peak renewable

energy generation, excess electricity is stored in batteries, while a portion is converted to

green hydrogen via electrolyzers. In low generation periods, the system meets demand by

drawing on stored energy from both batteries and CCGT, ensuring continuous stability.

It is observed that there are spatial and temporal differences in power generation between

regions, such as hourly and seasonal variations (Fig. 4.3 a, b), and differences in geographic
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Figure 4.2: Structural Diagram of the Stochastic Optimization Model. This model focuses on
maintaining three key system balances: electricity demand, hydrogen demand, and carbon
balance. The carbon balance addresses CCUS from CCGT and SMR processes. Hydrogen and
electricity are interconverted via electrolyzers and hydrogen fuel cells to maintain equilibrium
between electricity and hydrogen demand. The core influencing factors of these balances are
the primary focus of the model, with the objective function aiming to minimize the total cost
of maintaining these three critical balances.

Table 4.4: Results for CCGT capacity, green hydrogen rate, and storage unit status for each
region in the benchmark case.

Coast East
Far
west

North
North
center

South
South
center

West

CCGT (MW) 22,719 3,116 11,258 26,535 2,488 16,571 7,777 1,865
Green H2 rate 0 87.78% 59.33% 5.20% NA 0 92.93% NA
State of charge 55.99% 60.14% 60% 24.47% 69.37% 60.88% 46.62% 73.71%
State of tank NA 36.11% NA NA 34.3% NA NA NA
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Figure 4.3: Spatial and Temporal Differences Between Renewable Energy Generation and
Electricity Demand in ERCOT. a shows that peak renewable energy generation in ERCOT
occurs between 9am and 3pm, while peak electricity consumption is concentrated from 3pm
to 7pm. Seasonally, b depicts renewable energy generation peaks in the second quarter,
whereas electricity demand peaks in the third quarter. These mismatches highlight the need
for both short- and long-term storage solutions to enhance renewable energy integration into
the ERCOT grid. Figures c and d illustrate the spatial distribution of renewable energy
generation and electricity demand across the eight weather zones within ERCOT (Both are
results for 2023, in kW), with darker colors representing higher values. The data reveal a
clear spatial disparity: renewable energy generation is primarily concentrated in the Midwest
region, while electricity demand is predominantly focused in the Southeast and North regions,
highlighting significant geographic differences in supply and demand.
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Figure 4.4: Results of Power System Optimization. a, Stochastic optimization results showing
power balance within the system. During peak clean energy generation, excess electricity is
stored in batteries, while some is converted into green hydrogen via electrolyzers. In periods
of low generation, stored energy from batteries and CCGT work together to meet power
demand, maintaining system stability. b, The difference between original power demand and
actual power supply after load regulation. Demand-side adjustments successfully shift peak
demand periods to better align with the system’s power generation profile.

location (Fig. 4.3 c, d). These differences are influenced by the climatic variations across

regions and the different proportions of solar and wind energy installations. As a result,

power generation in these regions is often out of sync with the electricity demand curve.

To address this, our model incorporates the scenario of load demand flexibility. By adding

an acceptable range (±5% power demand) to the hourly power demand while maintaining

the total power demand constant, we shift power demand to align more closely with the

characteristics of renewable energy generation. This approach maximizes the use of renewable

energy and minimizes reliance on non-renewable sources. The total annual electrical energy

demand for CCGT across the entire ERCOT region experienced a slight decline, dropping
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from 389,785,123 MWh to 389,164,389 MWh. Similarly, the total annual demand for blue

(SMR with CCUS) hydrogen showed a marginal reduction, decreasing from 3,309 kilotons

(KT) to 3,307 KT. Fig. 4.4b illustrates the difference between the original power demand and

the adjusted power supply curve following load regulation. The visualization clearly shows

that demand-side load regulation effectively shifts the demand peaks, aligning them more

closely with the system’s generation profile. This adjustment improves the balance between

generation and consumption, optimizing efficiency and easing the strain on resources during

peak demand.

To refine our analysis, we designed several sensitivity experiments to explore the robustness

of our model under varying conditions. For scenarios A1 and A2, we varied the completion

rate of the planned installed renewable energy capacity by ±10% for both medium and high

completion cases. In scenarios A3 and A4, we analyzed the effects of adjusting the growth

rate of electricity demand by ±5% for each case. Lastly, for scenarios A5 and A6, we reduced

the final installed capacity of the planned energy storage systems to 80% and 60% of the

target levels. These sensitivity analyses provide insights into the impact of key variables on

overall system performance, helping us identify potential risks and opportunities(Table 4.5).

Table 4.5: Sensitivity analysis scenarios for optimization of the power system

Scenarios Description
A1 + 10% completion rate of projected renewables installation
A2 - 10% completion rate of projected renewables installation
A3 + 5% final power demand
A4 - 5% final power demand
A5 80% completion rate of projected battery installation
A6 60% completion rate of projected battery installation

The results reveal the impact of completion rates (defined in the Methods section) of

planned renewable energy capacities on future energy system operating costs and the operation

of other equipment within the system. Higher completion rates of planned renewable energy

capacities significantly decreased the total system cost by utilizing more low-cost renewable

energy sources (i.e., from $150.5 billion to $146.8 billion). Conversely, lower completion rates

increased costs (i.e., from $150.5 billion to $154.4 billion), highlighting the economic benefits

of higher renewable energy penetration. At the same time, the supply of green hydrogen

within ERCOT increases by 10,844 tons (+8%) in the higher completion rate scenario, and

decreases by 15,412 tons (-12%) in the lower completion rate scenario. Meanwhile, the

circulation of hydrogen increases by 5,979 tons (+5%) and 9,035 tons (-7%) in the higher and
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lower completion rate scenarios, respectively. In terms of the utilization of energy storage and

hydrogen storage equipment, the increased completion rate has simultaneously driven a more

efficient use of these storage systems. Notably, battery utilization has reached an average of

64.8%, corresponding to 68,698 MWh of stored energy, up from a previous average of 56.3%

or 59,312 MWh. This trend highlights the critical role of energy storage in accommodating

the growing penetration of renewable energy sources. As renewable energy continues to

expand, the need for higher capacity storage systems becomes increasingly evident to manage

and balance the inherent fluctuations in energy supply, ensuring a stable and reliable energy

system.

4.2.2 Analysis and Optimization of Hydrogen Systems

This study investigates the dual role of hydrogen in increasing renewable energy penetration

and supporting decarbonization in Texas. Hydrogen acts as an energy storage medium for

managing renewable intermittency and as a clean fuel to reduce emissions. We analyzed

hydrogen demand across eight weather zones, detailed in Fig. 4.5. The Gulf Coast, a

major hub for U.S. hydrogen demand, driven by ammonia, methanol, and refinery industries,

consumes over 3 megatons annually (MT·yr−1), over a quarter of the national demand

[138, 41]. About half of U.S. hydrogen production is concentrated in this region, where

Air Products operates the world’s largest hydrogen pipeline network [116]. The region also

hosts a significant portion of the nation’s hydrogen pipelines. As of December 2020, the

U.S. had over 1,600 miles of hydrogen pipelines, nearly all of which are located in Texas and

Louisiana[124]. These factors position the Gulf Coast as a foundation for a cleaner hydrogen

market. However, geographical discrepancies between hydrogen demand and renewable

generation prompted the design of a green hydrogen transportation network within ERCOT

(Fig. 4.6a). Hydrogen is transported between neighboring zones. Electrolyzers, storage tanks,

and fuel cells are installed at zone nodes to optimize hydrogen’s energy storage potential,

with surplus renewable energy converted to hydrogen. While hydrogen demand is met by

SMRs, we accounted for carbon capture costs. Electrolyzer capacity was capped at 500 MW,

considering spatial constraints.

The results of the stochastic optimization reveal that 3.8% of the hydrogen demand within

ERCOT will be met by green hydrogen. The results also revealed an unexpected strategy:

instead of installing the electrolyzer in the region with the highest hydrogen demand, the

system opted to place the electrolyzer in areas with minimal or even no hydrogen demand.

This decision was driven by the economic efficiency of inter-regional hydrogen transportation
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(Fig. 4.6a), and the availability of renewable energy (Fig. 4.3c). This conclusion is supported

by the economically optimal results generated by the stochastic optimization model, which

aims to minimize total system costs. In Zone East and Zone North Center, 49 tons and 14

tons hydrogen storage tanks were strategically installed to address the mismatch between

hydrogen production and demand. Fig. 4.6b illustrates the hydrogen transfer between the

eight regions, showing a predominant flow direction from west to east and from north to

south. Notably, Zone South Center meets 92.9% of its total hydrogen demand through supply

from the two green hydrogen production zones. However, despite Zone Coast and Zone South

being the regions with the highest hydrogen demand, the most economical solution to meet

their needs, given the current green hydrogen production capacity, is to rely entirely on gray

hydrogen. This approach highlights the complex interplay between production capabilities,

regional demands, and economic viability within the hydrogen supply network.

A series of sensitivity analyses were conducted to assess the impact of technological

advancements on cost reductions. In the first category of scenarios, we examined the effects

of reducing the initial costs of hydrogen-related equipment, including electrolyzers, hydrogen

storage tanks, and hydrogen fuel cells, by incremental percentages of 5%, 10%, 15%, 30%, and

50%. These scenarios are designed to assess how these cost reductions influence the economic
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viability and adoption rates of green hydrogen technologies within the energy system. In the

second category of scenarios, we modified the electricity tariff of the backup gas-fired power

plants to explore how increases in this tariff affect the overall system configuration. This

scenario allowed us to observe the shifts in the energy mix and the reallocation of resources

within the system as the cost of backup electricity rises. (Table 4.6).

Table 4.6: Sensitivity analysis scenarios for analysis and optimization of hydrogen systems

Scenarios Description
B1 - 5% CAPEX of hydrogen-related equipment
B2 - 10% CAPEX of hydrogen-related equipment
B3 - 15% CAPEX of hydrogen-related equipment
B4 - 15% CAPEX of hydrogen-related equipment
B5 -50% CAPEX of hydrogen-related equipment
B6 $50MWh−1 wholesale electricity price
B7 $150MWh−1 wholesale electricity price
B8 $200MWh−1 wholesale electricity price
B9 $250MWh−1 wholesale electricity price

The results show that reducing the cost of hydrogen equipment alone did not significantly

alter the system’s configuration, changes in electricity prices from CCGT had a profound

effect on the energy mix and deployment strategy. When electricity prices rose to $200
MWh−1, the total installed capacity of CCGT plants dropped from 92,329 to 92,176 MW,

while hydrogen fuel cell capacity increased from 0 to 296 MW. This led to greater use of green

hydrogen as an energy reserve, with stored hydrogen being converted to electricity during

periods of low renewable generation. Consequently, the total green hydrogen supply fell from

131,748 T to 40,232 T, while hydrogen-to-electricity conversion surged to 1,789,688 MWh.

Despite a 50% cost reduction in hydrogen technologies, they still struggle to compete with

gas-fired backup electricity. The system’s sensitivity to electricity prices highlights its reliance

on gas-fired plants, emphasizing the need for further cost reductions and advancements in

hydrogen technologies to enhance their competitiveness and influence in the energy mix.

It is worth noting that the focus of this study is to optimize the structure of the energy

system under the uncertainty of future electricity supply and demand, and the adjustment

of electricity prices in the sensitivity analysis is only intended to show the direct impacts

it brings to the energy system, but it does not take into account the possible secondary

economic effects of the electricity price increase, such as the impacts on household incomes

or industrial productivity, which require further in-depth analysis beyond the scope of this

study. Table 4.7 shows the difference in capacity of hydrogen-related equipment in each case

of the sensitivity analysis
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Table 4.7: The optimal capacity of hydrogen-related equipment

B1 B2 B3 B4 B5 B6 B7 B8 B9
East 1a,b 500 500 500 500 500 500 500 500 500
East 2 51 47 47 47 53 49 47 47 99
East 3 0 0 0 0 0 0 0 134 178
East 1 0 0 0 0 0 0 0 0 0
Far west 2 0 0 0 0 0 0 0 0 0
Far west 3 0 0 0 0 0 0 0 0 0
North 3 0 0 0 0 0 0 0 0 0
North center 1 500 500 500 500 500 500 500 500 500
North center 2 15 19 19 22 22 15 17 27 3
North center 3 0 0 0 0 0 0 0 2 0
South center 2 0 0 0 0 0 0 0 0 14
South center 3 0 0 0 0 0 0 0 153 271
West 1 500 500 500 500 500 500 500 500 500
West 2 0 0 0 0 0 0 0 0 19

aThe first two digits are the weather zone code, the last digit is the tech-
nology, 1 is the electrolyzer, 2 is the hydrogen tank, and 3 is the fuel cell.
b Electrolyzers are measured in MW, hydrogen tank in T, and fuel cells
in MW.

4.2.3 Carbon Dioxide (CO2) Emission Abatement Analysis

Most of the world’s environmental challenges stem from carbon emissions [29]. Global energy-

related CO2 emissions surged by 1.1% in 2023, rising by 410 MT to hit an unprecedented

record of 37.4 GT [60, 87]. As such, a key goal in energy system development is to reduce

carbon emission, and increasing the penetration of renewable energy sources is a crucial

part of this effort. However, the volatility of renewable energy necessitates reliable energy

storage solutions, and hydrogen emerges as a versatile option. It not only serves as a medium

for long-term energy storage but also acts as an industrial feedstock, particularly useful in

hard-to-decarbonize sectors, further aiding in the reduction of carbon emissions. This section

of the study focuses on this context, using Texas’s 2022 carbon emissions data as a reference

[40]. As illustrated in Fig. 4.7, direct combustion and power generation contribute 28%

and 54% of Texas’s total carbon emissions, respectively, while other sectors account for only

18%. Therefore, targeting carbon reductions in the areas of power generation and direct

combustion presents the most impactful strategy for significantly lowering Texas’s overall

carbon emissions.
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Figure 4.7: CO2 Emission Percentage. The figure illustrates the carbon emission shares
from various energy sources across ERCOT’s zones: Coast, East, Far West, North, North
Central, South, South Central, and West. Direct combustion and electricity generation
account for over 60% of total carbon emissions in each region. In Zone East, electricity
generation contributes a staggering 93.3% of the region’s emissions due to its low renewable
energy penetration and distance from major wind and solar hubs in the Midwest. Zone Far
West, a key fossil fuel production area, sees 33.9% of its emissions coming from oil-related
activities. Meanwhile, Zone Coast, despite being a core petrochemical region, has minimal
petroleum-related emissions, primarily because hydrogen used in its production processes is
supplied from other Gulf Coast states, reducing reliance on local fossil fuels. These patterns
underscore the regional differences in carbon emissions, driven by geographic, industrial, and
energy resource factors across ERCOT’s territory.

At the current stage, the penetration of renewable energy sources remains relatively low

(30% [34]), leaving the power system reliant on fossil fuels, either as a backup supply or as

a direct part of the energy mix. Consequently, reducing carbon emissions from the energy

supply side is critical, but CCUS also plays a pivotal role in emission reduction strategies

[92]. Texas is particularly well-positioned to capitalize on its unique geologic structures for

CCUS to further minimize its carbon footprint. The state’s vast subsurface geology offers

numerous potential sites for storing captured carbon dioxide, including depleted oil and gas

fields, saline aquifers, and unmineable coal seams [75]. The Gulf Coast region stands out,

offering opportunities for both enhanced oil recovery (EOR) and permanent CO2 storage

within its expansive saline aquifers and depleted oil fields [91]. According to the National

Energy Technology Laboratory (NETL), Texas’s saline formations alone could store up to 20

billion metric tons of CO2 [54, 93]. Integrating CCUS with renewable energy and hydrogen

solutions creates a comprehensive approach to achieving substantial carbon reductions. In
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this study, we focus on the cost implications of implementing CCUS in CCGT and SMR

units, examining how these factors affect the overall system cost, energy mix, and future

composition of the energy system.

The results of our stochastic optimization reveal that by 2030, if ERCOT’s electricity

demand is met solely by a combination of wind, solar, and CCGT, the expected CO2

emissions from CCGT, considering various stochastic scenarios, would reach 175.4 MT per

year. However, by implementing load regulation on the demand side, these emissions are

reduced by 279 KT (Fig. 4.8a). Additionally, our analysis shows that in scenarios where the

electricity price from CCGT remains below $200 per MWh, the structure and composition of

the energy system remain unchanged, resulting in no reduction in overall carbon emissions.

In contrast, when the price increases to $200 and $250 per MWh, the system compensates

by installing more hydrogen fuel cells to meet electricity demand, reducing CO2 emissions

from CCGT to 174.6 MT and 174.4 MT, respectively. However, this shift necessitates greater

reliance on gray hydrogen to meet hydrogen demand, which subsequently raises CO2 emissions

(Fig. 4.8b). Furthermore, the inefficiency in converting electricity to hydrogen and then

back to electricity results in energy losses, leading to an overall increase in total system CO2

emissions. In sensitivity analyses that adjust the cost of hydrogen-related equipment (Table

4.6), we observe no significant change to the energy system configuration, and thus the total

carbon emissions remain unchanged. This underscores the complexity of balancing cost,

emissions, and system efficiency in future energy scenarios. The carbon emissions reduction

results presented in this study should be interpreted as an indicator of the effectiveness of

the stochastic optimization approach rather than its ultimate goal. The relatively modest

reduction of 1,300 tons of CO2 reflects the structural challenges within ERCOT’s energy

system, where limited renewable energy penetration and a reliance on fossil fuels drive high

baseline emissions. While the optimization framework minimizes system costs rather than

maximizing emissions reductions, these results provide valuable insights into the interplay

between carbon mitigation and system economics, offering a foundation for further exploration

of clean energy deployment strategies.

Table 4.8: Optimal sizes of hydrogen related equipment for C4

Coast East
Far
west

North
North
center

South
South
center

West

Electrolyzer (MW) 0 500 500 0 500 0 0 500
Tank (T) 0 117 33 0 28 0 9.8 18
Fuel cell (MW) 0 219 22 105 2.5 0 237 0
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Figure 4.8: Results of Sensitivity Analysis on Carbon Emissions. a, Through demand-side
load regulation, renewable energy utilization becomes significantly more efficient, leading
to notable reductions in carbon emissions from both SMR and CCGT. Completion rates
and electricity demand directly impact these emissions, with low completion rates and high
demand increasing emissions from both sources. Reduced battery installation completion
lowers renewable energy flexibility, decreasing utilization rates and raising CCGT emissions,
while SMR emissions remain unaffected. b, Higher CCGT tariffs lead to increased conversion
of green hydrogen to electricity, lowering overall electricity use efficiency. This shift raises
carbon emissions from SMR and the overall system, despite a reduction in emissions from
CCGT.

To better understand the impact of CCUS costs on the overall system performance, we

conducted a sensitivity analysis by varying carbon pricing. In Scenarios 1 and 2, the cost

of CCUS was increased to $100 and $150 per ton across the entire system, respectively.

In Scenarios 3 and 4, we raised the CCUS cost to $150 per ton for either SMR or CCGT

individually, while maintaining the cost at $5 per ton for the other, to assess the impact on

system configuration (Table 4.9).

Table 4.9: Sensitivity analysis scenarios for CO2 emission abatement analysis

Scenarios Description
C1 $100 Carbon capture and storage costs
C2 $150 Carbon capture and storage costs
C3 $50 Power, $150 SMR
C4 $150 Power, $50 SMR

In the first three scenarios, the higher CCUS cost for SMR prompted the system to install

a 500 MW electrolyzer in the Far West region, reducing overall reliance on gray hydrogen

and thus lowering total carbon emissions. However, in Scenario C4, where only the CCUS
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cost for CCGT was increased (assumed the CCUS cost is higher than that for SMR), total

carbon emissions rose. This was primarily due to the increased cost of CCUS for CCGT,

making the system less efficient in managing emissions. Additionally, as shown in Table 4.8, a

large number of hydrogen fuel cells were installed (586 MW), leading to more green hydrogen

being converted to electricity to meet system demand. This shift forced the system to rely

more heavily on gray hydrogen to satisfy hydrogen demand. As previously discussed, the

inefficiency of the hydrogen-to-electricity cycle resulted in significant energy losses, further

contributing to an overall increase in carbon emissions. This highlights the trade-offs between

system configuration, energy efficiency, and emission outcomes as CCUS costs fluctuate.

4.3 Summary

This study underscores hydrogen’s pivotal role in enhancing renewable energy integration

and driving decarbonization within Texas’s energy system. Through comprehensive modeling

and analysis, we demonstrate that hydrogen, when integrated with renewable sources such as

wind and solar, serves not only as a crucial energy storage medium but also as a versatile

fuel that can address the intermittency of renewable generation. By strategically placing

electrolyzers in high-renewable, low-demand regions, hydrogen can contribute significantly

to grid stability and flexibility. Moreover, the development of a hydrogen transportation

network enables efficient energy distribution across regions, meeting up to 92.4% of hydrogen

demand in certain areas and reducing the need for fossil fuel-based generation.

Despite these promising results, several limitations must be acknowledged. The scenarios

modeled, while extensive, contain inherent uncertainties, particularly related to the completion

rates of planned renewable installations and the actual behavior of the market in future

decades. These uncertainties, while managed through careful assumption-setting, suggest

that our findings should be interpreted as directional insights rather than precise forecasts. At

the same time, this study does not explicitly model future changes in renewable energy costs,

such as increased land costs due to siting challenges or cost reductions from technological

advancements. Instead, these factors are indirectly reflected in the planned installed capacity

completion rate, assuming that cost dynamics will influence project implementation in a

market-driven economy. This study specifically focuses on hydrogen transportation via

pipelines, given its relevance to large-scale and long-term deployment within the Texas energy

system. Other potential transportation methods, such as road transport (e.g., tube trailers)

and rail, were not included in the current model to maintain a clear focus on the primary

objective of addressing electricity supply-demand uncertainty and optimizing the role of
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hydrogen in this context. However, we acknowledge that these alternative transport methods

could significantly influence the economic and operational performance of the system. Future

research will aim to incorporate these modes of transportation, along with additional storage

options such as salt caverns, to develop a more comprehensive and integrated hydrogen

energy system model. Furthermore, while we accounted for the costs of CCUS in our carbon

emissions analysis, we did not fully address the installation and capacity constraints of CCUS

infrastructure. This represents another area for future investigation to ensure the feasibility of

large-scale CCUS deployment. Given the focus and scope of this study, we have conducted our

analysis of carbon emission reduction results at the level of the entire ERCOT system, rather

than delving into the detailed emissions across the full lifecycle of the system. While this

approach aligns with the primary objectives of our research, we recognize the importance of a

more granular and comprehensive evaluation. In future studies, particularly when examining

the environmental and social value of hydrogen, we plan to conduct a more thorough and

detailed analysis of carbon emission reductions, encompassing lifecycle considerations to

provide a holistic perspective. As previously mentioned, this study does not incorporate the

uncertainty of future hydrogen demand into the stochastic optimization model. This decision

was made after carefully considering the limitations in the accuracy of available hydrogen

demand data, the primary focus of this paper, and the challenges posed by computational

complexity. However, we recognize the importance of addressing this uncertainty to enhance

the comprehensiveness of our analysis. In future studies, we plan to integrate hydrogen

demand uncertainty into our models to develop a more unified and holistic energy system

framework.

Our sensitivity analyses reveal that reductions in hydrogen equipment costs alone are

insufficient to drastically reshape the energy system. However, rising electricity prices from

gas-fired plants do have a substantial impact on the system’s configuration, emphasizing the

need for policy-driven investments in hydrogen infrastructure and technological advancements.

Policy support will be critical in fostering the growth of hydrogen and renewable energy,

particularly in building regional hydrogen hubs and advancing CCUS technologies. These

elements are essential for aligning Texas’s energy system with its long-term decarbonization

goals and national climate objectives.

In conclusion, hydrogen is positioned as a vital component in Texas’s future energy

landscape. Its dual role as an energy storage medium and a clean fuel allows it to effectively

balance the variability of renewable generation, while its versatility extends to decarbonizing

hard-to-electrify sectors such as heavy industry and transportation. Although uncertainties

remain regarding the completion of renewable energy projects and the deployment of hydrogen

55



infrastructure, the potential benefits of hydrogen integration are clear. With continued policy

support, investments in hydrogen infrastructure, and advancements in CCUS technologies,

Texas has the opportunity to achieve a more resilient, flexible, and low-carbon energy system.

Hydrogen stands as a key enabler of this transition, helping the state meet its renewable

energy and carbon reduction targets, ensuring a sustainable energy future.
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CHAPTER 5

TECHNO-ECONOMIC ANALYSIS OF HYDROGEN STORAGE WITH

NUCLEAR ENERGY FOR GRID ANCILLARY SERVICES

Nuclear power, as a high–energy-density and highly reliable energy source, has historically

played a vital role in providing firm baseload electricity and enhancing energy security

[49, 130, 33]. Expanding its share can therefore contribute substantially to the stability and

resilience of national energy systems [55, 20]. Although past concerns over the economic

viability of existing nuclear plants in competitive markets have eased in recent years, the

rapid transition toward high-penetration renewable energy systems continues to reshape

operational requirements for nuclear generation—particularly the need to provide greater

flexibility while maintaining cost competitiveness [115, 110, 147].

In today’s U.S. power markets, new large nuclear units face steep overnight capital costs

($6,000–$12,000/kW) and long development timelines, even as electricity systems become

more dynamic and price-volatile [77, 6, 62, 120]. At the same time, demand for firm, 24/7

supply is rising—driven in part by data-center growth—leading to higher regional load

forecasts and renewed interest in long-term procurement of dependable capacity by utilities

and large offtakers [145, 114, 25]. These countervailing forces mean that conventional baseload

operation remains economically viable in many contexts—especially with policy support for

the existing fleet—but also that there is growing opportunity for nuclear to augment its role

through flexible configurations that can capture additional market and system value where

merchant exposure is material [64, 59].

While the development of next-generation nuclear technologies continues, there is sig-

nificant—yet underexplored—potential for retrofitting existing reactors [127]. Nevertheless,

the economic and technical feasibility of such retrofits remains uncertain and highly context-

dependent [110, 89]. A systematic evaluation of the economic viability, operational flexibility,

and integration potential of nuclear plants—underpinned by policy support, technology

readiness, and electricity market conditions—is urgently needed to inform the future role of

nuclear power in the evolving energy landscape [150, 72, 77] (Fig. 5.1a, b).

As the role of nuclear power undergoes global reconfiguration, national contexts exhibit

diverging trajectories and challenges [152, 19]. In the United States (U.S.)—home to the

world’s largest installed nuclear capacity—nuclear power is at a critical inflection point, facing

pronounced concerns over cost competitiveness and system flexibility [68, 153]. The U.S.

fleet currently comprises 93 operating reactors, contributing approximately 18% of national
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Figure 5.1: Installed capacity and costs of commercial nuclear power across countries. a,
Overnight capital costs of nuclear construction in major countries. Most countries report
values exceeding $2,000/kW, with the U.S. surpassing $4,000/kW [77, 69, 105]. b, Comparison
of nuclear LCOE with other sources. In most countries, nuclear LCOE exceeds that of solar
Photovoltaic (PV) ($47/MWh) and onshore wind ($40/MWh). In the U.S., initial capital
expenditures account for over 50% of the total LCOE, highlighting investment cost as a
dominant driver [152, 103]. c, Changes in global nuclear capacity over the past 20 years,
reported in five-year intervals (A: added; R: retired). While total installed capacity has
slightly increased, most traditional nuclear countries show declining trends [49, 67, 154].
d, Country-level nuclear capacity trends. Over the past two decades, nuclear additions
have primarily occurred in China and other emerging markets, whereas traditional nuclear
countries—led by the U.S.—have seen substantial retirements. Germany has fully phased out
its nuclear fleet [67, 154, 49].
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electricity generation[36, 99, 141]. Yet, the increasing penetration of subsidized renewable

generation—despite its variable availability—has exerted significant downward pressure on

electricity prices, rendering traditional baseload nuclear operations economically unsustainable

[6]. Over the past decade, more than a dozen nuclear units have been prematurely retired,

and new construction has stalled: aside from the recent connection of Vogtle Units 3 and 4

in Georgia, no new commercial nuclear units have come online in the last 15 years [143, 144].

Furthermore, limited ramping capability constrains the role of existing nuclear plants in

systems with high shares of variable renewables. In this context, integrating hydrogen

production technologies—such as L/HTE—into existing nuclear plants has emerged as a

promising approach [12]. This strategy not only allows nuclear units to operate more flexibly

by shifting output toward hydrogen production during low-price or low-demand periods,

but also creates new revenue streams from hydrogen sales for industrial and transport

applications, while enabling cross-sectoral solutions to energy adequacy challenges. Several

pilot projects supported by the U.S. Department of Energy—including Nine Mile Point, Palo

Verde, and Davis-Besse—have explored the coupled nuclear–hydrogen pathway, reflecting

policy and industry interest at the time [142, 76, 104]. Concurrently, the U.S. government

has announced ambitious expansion targets: an additional 35 GW of nuclear capacity by

2035 and 200 GW or more by 2050 [136]. Achieving these targets will require not only the

deployment of advanced and small modular reactors, but also the lifetime extension, retrofit,

and integration of existing plants with emerging technologies [88, 146]. A robust, techno-

economic assessment of nuclear–hydrogen hybrid systems—accounting for market structures,

policy incentives, and regional resource conditions—is therefore essential to determine their

feasibility, cost-effectiveness, and deployment value (Fig. 5.1c, d).

To address these challenges, this study presents a system-level techno-economic assessment

of integrating electrolysis-based hydrogen production into existing U.S. nuclear power plants

[102]. This approach aims to evaluate the potential of nuclear–hydrogen hybrid systems to

enhance operational flexibility and expand revenue opportunities. Focusing on the seven

major U.S. ISOs — which feature heterogeneous electricity price structures and ancillary

service market designs—the analysis quantifies how regional market mechanisms affect the

economic performance of nuclear–hydrogen systems [17, 39, 96, 100, 71, 129, 113]. The

dispatch model incorporates key operational constraints including ramping limits, start-up

costs, variable efficiency, and part-load performance [9, 72]. Hourly simulations are used

to characterize power allocation between electricity sales, hydrogen production, and grid

service provision. The analysis compares the financial outcomes of baseline (business-as-

usual) operations against retrofit and new-build hybrid configurations, evaluating differences
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across 60- and 80-year plant lifetimes [50]. Results include the breakdown of revenue sources

(electricity, hydrogen, ancillary services), estimates of levelized costs (energy and hydrogen),

and the cost composition of hydrogen production. In addition, the study explores how policy

incentives—such as investment and production tax credits—affect system profitability and

deployment feasibility across diverse market contexts, providing quantitative decision support

for regional nuclear–hydrogen integration strategies (Fig. 5.2).
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Figure 5.2: Modeling framework for the nuclear-hydrogen energy system optimization. TEA
framework consists of two main components. The first is an optimization model for the
nuclear–hydrogen system, which incorporates system characteristics, electricity and ancillary
service market data, and operational constraints to determine the optimal configuration and
dispatch strategy. The second component uses the optimization outputs, policy incentives,
and cost parameters to evaluate the system’s techno-economic performance and compute key
financial metrics, including net present value (NPV).

5.1 Nuclear-Hydrogen Ancillary Service Optimization Model

5.1.1 Optimization Model Formulation

This section details the mathematical formulation of the techno-economic optimization model

for an IES. The model is formulated as a MILP to maximize the annual profit of the system

by co-optimizing its participation in various energy and ancillary service markets. The core

of the model consists of an objective function to be maximized, subject to a series of physical,

operational, and economic constraints that govern the behavior of the system components.

These components include an NPP, a water electrolyzer for hydrogen production, a battery

energy storage system (BESS), and hydrogen storage.
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Objective Function

The objective of the model is to maximize the total profit (Π) over the optimization horizon.

The profit is the sum of all revenues minus the sum of all operational and annualized capital

costs.

Maximize Π = (RE +RH2 +RAS)− (COPEX + CCAPEX) (5.1)

Revenue Components

Revenue from selling electricity to the grid minus the cost of purchasing electricity from the

grid.

RE =
∑
t∈T

∆t · λEt · (psalet − pbuyt ) (5.2)

Revenue from selling hydrogen, including any production subsidies. This revenue is based on

sales from storage, while subsidies are based on total production.

RH2 =
∑
t∈T

∆t ·
(
(ṁstor,out

t + ṁH2,market
t ) · λH2 + ṁH2

t · λH2,sub
)

(5.3)

Revenue from participating in ancillary service markets. This includes payments for capacity

reservation, and energy/performance payments upon deployment. The formulation varies by

market. For a generic reserve service s:

RAS
s =

∑
t∈T

∆t ·
(
bt,s · wt,s · λAS,cap

t,s + Energy Payments

)
(5.4)

Where the energy payment Energy Payments = bt,s · wt,s · δt,s · λEt .

Cost Components

The sum of all variable operational costs.

COPEX =
∑
t∈T

∆t · (Cturb,vom · pturbt + Celec,vom · pelect + CH2O · ṁH2
t

+ Cb,vom · p
b,ch
t + pb,dist

2
+ Cstor,vom · (ṁstor,in

t + ṁstor,out
t ))

+
∑
t∈T

Celec,su · velect (5.5)

The annualized capital cost of all dynamically sized components, scaled to the simulation

period.

CCAPEX =
|T | ·∆t
8760

(
Celec,capexP elec

max + Cb,capex,EEb
max

+ Cb,capex,PP b
max + Cstor,capexM stor

max

) (5.6)
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Constraints

System-Level Constraints

Power Balance: The net power generated by the IES must equal the net power exchanged

with the grid.

pturbt + pb,dist − pelect − pb,cht = pIES
t ∀t ∈ T (5.7)

pIES
t = psalet − pbuyt ∀t ∈ T (5.8)

Steam Balance: The total steam produced by the reactor must be consumed by the turbine

and the HTE.

qturbt + qelect = Qsteam,total ∀t ∈ T (5.9)

Nuclear Turbine Constraints

Operating Limits: Turbine power output is constrained by its operational limits.

P turb
min ≤ pturbt ≤ P turb

max ∀t ∈ T (5.10)

Ramp Rates: The change in turbine power output between consecutive time periods is limited.

pturbt − pturbt−1 ≤ Rturb,up
max ·∆t ∀t ∈ T, t > 1 (5.11)

pturbt−1 − pturbt ≤ Rturb,down
max ·∆t ∀t ∈ T, t > 1 (5.12)

Piecewise Efficiency: Turbine power output (pturbt ) is a piecewise linear function of its steam

consumption (qturbt ).

qturbt =
∑

k∈Kturb

λt,k ·Qturb,bp
k ∀t ∈ T (5.13)

pturbt =
∑

k∈Kturb

λt,k · P turb,bp
k ∀t ∈ T (5.14)∑

k∈Kturb

λt,k = 1 ∀t ∈ T (5.15)

{λt,k}k∈Kturb
is an SOS2 set ∀t ∈ T (5.16)
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Electrolyzer Constraints

Operating Limits: Electrolyzer power consumption is constrained. If startup/shutdown logic

is enabled, these limits are gated by the binary status variable uelect .

pelect ≥ P elec,on
min · uelect ∀t ∈ T (5.17)

pelect ≤ P elec
max · uelect ∀t ∈ T (5.18)

Ramp Rates: The change in electrolyzer power consumption is limited.

pelect − pelect−1 ≤ P elec
max ·Relec,up

max ·∆t ∀t ∈ T, t > 1 (5.19)

pelect−1 − pelect ≤ P elec
max ·Relec,down

max ·∆t ∀t ∈ T, t > 1 (5.20)

Piecewise Efficiency (Hydrogen Production): Hydrogen production rate (ṁH2
t ) is a piecewise

linear function of electrolyzer power consumption (pelect ).

pelect =
∑

j∈Kelec

λt,j · P elec,bp
j ∀t ∈ T (5.21)

ṁH2
t =

∑
j∈Kelec

λt,j · ṀH2,bp
j ∀t ∈ T (5.22)∑

j∈Kelec

λt,j = 1 ∀t ∈ T (5.23)

{λt,j}j∈Kelec
is an SOS2 set ∀t ∈ T (5.24)

A similar piecewise formulation links steam consumption (qelect ) to power (pelect ) for the HTE.

Startup/Shutdown Logic: These constraints manage the on/off state of the electrolyzer and

enforce minimum uptime and downtime.

uelect − uelect−1 = velect − welec
t ∀t ∈ T, t > 1 (5.25)

velect + welec
t ≤ 1 ∀t ∈ T (5.26)

t∑
i=t−T elec,up

min +1

ueleci ≥ T elec,up
min · velect ∀t ≥ T elec,up

min (5.27)

t∑
i=t−T elec,down

min +1

(1− ueleci ) ≥ T elec,down
min · welec

t ∀t ≥ T elec,down
min (5.28)

Degradation Tracking: Tracks the cumulative degradation of the electrolyzer.

dt = dt−1 + (Dop ·
pelect

P elec
max

·∆t) + (Dsu · velect ) ∀t ∈ T, t > 1 (5.29)
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Battery Storage Constraints

State of Charge Balance: The battery’s state of charge is tracked over time, accounting for

charge/discharge efficiencies.

ebt = ebt−1 +∆t · (ηb,chpb,cht − pb,dist

ηb,dis
) ∀t ∈ T, t > 1 (5.30)

The equation is adjusted for t = 1 to use the initial state of charge Eb
init.

Operating and Sizing Limits:

pb,cht ≤ P b
max · u

b,ch
t ∀t ∈ T (5.31)

pb,dist ≤ P b
max · u

b,dis
t ∀t ∈ T (5.32)

ub,cht + ub,dist ≤ 1 ∀t ∈ T (5.33)

Eb
max · SOCmin ≤ ebt ≤ Eb

max ∀t ∈ T (5.34)

P b
max = Eb

max · PowerRatio (If sizing) (5.35)

Hydrogen Storage Constraints

Storage Balance: The mass of hydrogen in storage is tracked over time.

mstor
t = mstor

t−1 +∆t · (ηstor,chṁstor,in
t − ṁstor,out

t

ηstor,dis
) ∀t ∈ T, t > 1 (5.36)

Production and Sales Dispatch: Hydrogen produced can be sent to storage or directly to the

market.

ṁH2
t = ṁH2,market

t + ṁstor,in
t ∀t ∈ T (5.37)

Operating and Sizing Limits:

M stor
min ≤ mstor

t ≤M stor
max ∀t ∈ T (5.38)

ṁstor,in
t ≤ Ṁ stor,ch

max ∀t ∈ T (5.39)

ṁstor,out
t ≤ Ṁ stor,dis

max ∀t ∈ T (5.40)

When optimal H2 storage sizing is enabled, a constant sales rate is enforced (ṁstor,out
t =

ṁH2,sale
const ) and production is forced through storage (ṁH2,market

t = 0).

64



Ancillary Service Constraints

Component Capability: The bids for ancillary services from each component are limited by

the component’s physical headroom and ramp rates. For upward reserve from the turbine:

pturbt +
∑
s∈Sup

bturbt,s ≤ P turb
max ∀t ∈ T (5.41)

For downward reserve from the electrolyzer (load increase):

pelec,spt +
∑

s∈Sdown

belect,s ≤ P elec
max · uelect ∀t ∈ T (5.42)

Similar constraints exist for all services on all components, including ramp rates and battery

state of charge.

Bid Aggregation: The total bid for each service is the sum of bids from all participating

components.

bt,s =
∑
c∈C

bct,s ∀t ∈ T, s ∈ S (5.43)

Regulation Balance: For certain markets, regulation up and down bids must be equal for each

component.

bct,RegUp = bct,RegDown ∀t ∈ T, c ∈ C (5.44)

Dispatch Execution Mode Constraints

Deployed: In this mode, the deployed amount of an ancillary service is linked to the winning

bid.

dct,s = bct,s · wt,s · δt,s ∀t ∈ T, s ∈ S, c ∈ C (5.45)

Actual Power Adjustment: The actual power of a component is adjusted based on its setpoint

and the amount of ancillary service it deploys. For the electrolyzer:

pelect = pelec,spt −
∑
s∈Sup

delect,s +
∑

s∈Sdown

delect,s ∀t ∈ T (5.46)

5.1.2 Techno-Economic Analysis Framework

This section details the methodology of the TEA framework developed to evaluate the

financial viability of nuclear-hydrogen integrated energy systems. The framework is designed

to be comprehensive, incorporating detailed cost models, operational simulations, and the

impact of federal tax incentives. It analyzes various scenarios, from retrofitting existing NPPs

to developing new greenfield projects with different operational lifetimes. The core of the

framework is a discounted cash flow (DCF) analysis, which is used to calculate key financial

performance indicators.
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Core Financial Principles and Metrics

The primary financial evaluation is based on a DCF analysis over the project’s entire lifecycle,

from construction to decommissioning. The fundamental metric is the NPV, which represents

the total value of the project in today’s currency. The NPV is calculated as the sum of all

discounted future cash flows:

NPV =
N∑
t=0

CFt

(1 + r)t
(5.47)

where CFt is the net cash flow in year t, r is the discount rate, and N is the total project

lifetime in years.

The annual net cash flow (CFt) for each operational year is determined by accounting for

all revenues, operating expenditures (OPEX), and the tax implications of depreciation. The

after-tax cash flow is calculated as:

CFt = (Rt − COPEX,t −Dt)(1− τ) +Dt (5.48)

where Rt is the total annual revenue, COPEX,t is the total annual operating expenditure, Dt is

the annual depreciation allowance, and τ is the corporate tax rate. The term Dt · τ represents

the “tax shield” provided by depreciation, which is a non-cash expense that reduces the

project’s tax burden. Other key financial indicators derived from the cash flow analysis

include:

• Internal Rate of Return (IRR): The discount rate at which the NPV of the project

becomes zero. A project is considered financially attractive if its IRR exceeds the

minimum acceptable rate of return or the cost of capital.

• Payback Period: The time required for the cumulative cash flows from a project to

equal the initial investment. This metric provides insight into the project’s risk and

liquidity.

• Levelized Costs: The average net present cost of a technology per unit of output over

its lifetime. The framework calculates the LCOH, LCOE and LCOS using a detailed,

independent accounting methodology, as described in a later section.

CAPEX Modeling

The framework employs a detailed, component-based model for capital expenditures. The

total CAPEX is disaggregated into major systems, including the nuclear island, turbine
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generator, hydrogen production system (electrolyzer, storage), and battery storage system.

For greenfield projects, this also includes site preparation and grid connection costs. This

granular approach allows for the application of technology-specific cost-scaling and learning

rates. The cost of a component is scaled from a reference size using a learning rate to account

for economies of scale, calculated as:

Cadj = Cref

(
Sactual

Sref

)α

(5.49)

where Cadj is the adjusted cost for the component, Cref is the base cost for a reference size

Sref, Sactual is the actual capacity of the component, and α is the scaling exponent, derived

from a specified learning rate. Capital investments are distributed over the construction

period according to predefined payment schedules for each major component.

Major component replacements are modeled as capital outflows in the specific years they

are scheduled to occur. The framework uses a detailed replacement schedule, for instance

[103]: Electrolyzer Stacks are replaced every 10 years; Battery Systems are replaced every 10

years; Major Hydrogen Storage Components are replaced every 15 years.

Operating Expenditure (OPEX) Modeling

Annual operating costs are modeled with a similar level of detail. OPEX is separated into

fixed and variable components.

• Fixed OPEX: Includes costs that do not vary with production, such as salaries, insurance,

and routine maintenance. These are calculated on a per-megawatt-year basis (e.g.,

$/MW-year) and are subject to an annual inflation rate.

• Variable OPEX (VOM): Includes costs directly tied to system operation, such as

consumables, water for electrolysis, and component wear. These are calculated on a

per-megawatt-hour ($/MWh) or per-kilogram ($/kg) basis.

• Nuclear Fuel Costs: As a major component of nuclear OPEX, it is calculated per

megawatt-hour of electricity generation in the baseline case, whereas for the retrofitted

hybrid system, and the calculation is based on the actual energy output of the reactor.
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Revenue and Opportunity Cost Modeling

The framework considers multiple revenue streams, including electricity sales to the grid,

hydrogen sales, and ancillary services, with a particular emphasis on modeling opportunity

costs. When the nuclear plant diverts electricity or heat to hydrogen production, it forgoes

potential revenue from electricity sales to the grid, which is explicitly treated as an opportunity

cost in assessing hydrogen production profitability. Similarly, providing ancillary services

may require the plant or electrolyzer to operate at suboptimal levels for energy sales, and the

resulting opportunity cost is also accounted for. In the case of HTE, the diversion of steam

from the turbine reduces potential electricity generation, and the corresponding opportunity

cost is quantified based on the plant’s thermal efficiency and prevailing electricity prices.

Depreciation and Taxation

The framework implements the MACRS for asset depreciation, which provides a significant

tax shield [63]. Assets are classified into different schedules based on their type, reflecting

U.S. tax law:

• 15-Year MACRS: Applied to NPP equipment and grid infrastructure.

• 7-Year MACRS: Applied to hydrogen production and battery storage equipment.

The annual depreciation for each class is calculated according to the schedules provided in

Table 5.1. The total depreciation allowance in any given year is the sum of the depreciation

from all assets, which is then used to calculate the project’s tax liability.

Table 5.1: MACRS depreciation schedules

7-Year Property 15-Year Property

Year Rate (%) Year Rate (%)

1 14.29 1 5.00
2 24.49 2 9.50
3 17.49 3 8.55
4 12.49 4 7.70
5 8.93 5 6.93
6 8.92 6 6.23
7 8.93 7-15 5.90
8 4.46 16 2.95
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Federal Tax Incentive Analysis

An important feature of the framework is its capability to simulate the effects of several major

U.S. federal tax incentives. In this study, particularly for hybrid systems combining nuclear

power and hydrogen production, we assume that the system can simultaneously benefit from

both hydrogen-related and nuclear-related incentive schemes, with each calculated according

to its respective methodology and then aggregated.

• 45U Production Tax Credit (PTC): This credit is specifically for existing NPPs.

For electricity generated between 2024 and 2032, the credit amount is determined

dynamically based on the hourly electricity market price, decreasing linearly as the

price increases from $25/MWh to $43.75/MWh. The hourly credit value (C45U) is

computed as a function of the market price (Pmarket) as follows. In this study, a

streamlined implementation of the 45U credit adjustment is used to reflect the policy’s

essential price-responsive structure in a form suitable for integrated system modeling

[64]:

C45U(Pmarket) =


$15 if Pmarket < $25.0

$15×
(
1− Pmarket−$25.0

$18.75

)
if $25.0 ≤ Pmarket ≤ $43.75

$0 if Pmarket > $43.75

(5.50)

• 45Y Clean Electricity Production Tax Credit (PTC): This credit is for new

zero-emission power facilities, including new nuclear plants. The framework models

this as a credit of up to $30/MWh for the first 10 years of the plant’s operation. This

credit is a direct addition to the project’s annual cash flow [65].

• 48E Clean Electricity Investment Tax Credit (ITC): As an alternative to the

45Y PTC for new facilities, the ITC provides an upfront tax credit based on the initial

capital investment. The model implements a credit of up to 50% on qualified capital

expenditures. Crucially, the model correctly applies this credit only to the nuclear

power generation equipment, excluding hydrogen and battery assets. Furthermore,

it implements the required depreciation basis reduction, where the asset’s value for

depreciation purposes is reduced by 50% of the claimed ITC value [65]:

Depreciable Basisadj = CAPEXoriginal − 0.5× ITCvalue (5.51)

This reduction lowers the total depreciation tax shield over the asset’s life, partially

offsetting the benefit of the upfront credit.
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• Hydrogen Production Subsidy: The framework also includes a generic hydrogen

production subsidy, modeled after policies like 45V, which provides a direct payment of

up to $3.00/kg of clean hydrogen produced for verified use during the first 10 years of

operation. In this study, we assume the maximum rate of $3.00 per kg applies uniformly

across all scenarios. [66].

Case Study Design

The TEA framework is applied across four distinct case studies to provide a holistic view of

the economic potential of nuclear-hydrogen systems.

Case 1: Existing Reactor Baseline

This case serves as the financial benchmark. It analyzes the business-as-usual operation

of an existing NPP without any modifications for hydrogen production. The analysis uses

the plant’s actual remaining operational lifetime and calculates revenue based on selling all

generated electricity to the grid at hourly market prices. The key objective is to determine

the standalone profitability of the existing asset and to analyze the potential financial uplift

from the 45U PTC.

Case 2: Existing Reactor Retrofit

This case evaluates the economic viability of retrofitting an existing NPP with an integrated

hydrogen production and battery storage system. The analysis includes the CAPEX for

the new hydrogen and battery assets but assumes the nuclear plant itself is a sunk cost. It

calculates the combined revenue streams from electricity sales, hydrogen sales, and ancillary

services. This case also considers the impact of the 45U PTC on the nuclear portion of the

integrated system’s revenue.

Case 3: Greenfield System (60-Year Lifecycle)

This case examines a newly constructed, fully integrated nuclear-hydrogen-battery system

with a 60-year operational lifetime. It includes the complete capital investment for the nuclear

reactor and all non-nuclear subsystems. Three distinct policy scenarios are evaluated: (1) no

federal incentives, (2) the 45Y PTC, and (3) the 48E ITC. This case evaluates the economics

of greenfield nuclear-hydrogen systems over a standard design lifespan, considering current

U.S. tax incentives and system cost structure.
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Case 4: Greenfield System (80-Year Lifecycle)

Building upon Case 3, this case extends the system’s operational lifetime to 80 years to

reflect the enhanced durability and lifespan potential of next-generation advanced reactors.

The same three policy scenarios—no incentives, 45Y PTC, and 48E ITC—are analyzed

to evaluate how extended operation alters the cost-effectiveness and policy impacts. This

longer-term perspective captures additional revenue potential, offset by the need for more

frequent equipment replacements and increased long-term maintenance costs, offering deeper

insight into lifecycle financial dynamics.

Levelized Cost Calculation Methodology

To provide a clear and fair comparison of costs, the framework utilizes an independent ac-

counting methodology for calculating levelized costs. This approach avoids cross-subsidization

between different parts of the integrated system.

LCOE

The LCOE represents the cost of generating electricity from the nuclear plant only. It is

calculated by considering only the costs and revenues directly attributable to the nuclear

power island and turbine generator.

LCOE =
PV(Nuclear CAPEX + Nuclear OPEX− Turbine AS Revenue)

PV(Total Electricity Generation)
(5.52)

LCOH

The LCOH is calculated for the hydrogen production system. Critically, the cost of electricity

consumed by the electrolyzer is not assumed to be zero. It is valued at the LCOE calculated

for the nuclear plant, representing a fair internal transfer price.

LCOH =

PV

(
CAPEXH2 +OPEXH2 + Elec. CostLCOE

+HTE Cost− AS RevenueH2

)
PV(Total H2 Production)

(5.53)

Levelized Cost of Storage (LCOS)

Similarly, the LCOS for the battery system is calculated based on its own CAPEX, OPEX,

and dedicated revenue streams, providing a clear picture of the cost per megawatt-hour of
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energy discharged from the battery over its lifetime.

LCOS =
PV(Battery CAPEX + Battery OPEX− Battery AS Revenue)

PV(Total Energy Discharged)
(5.54)

5.1.3 Data Generation and Collection

To facilitate the testing and validation of our nuclear-hydrogen production optimization

model, a comprehensive synthetic dataset was generated. This process, implemented in

Python, creates internally consistent time-series data and system parameters that mimic

real-world operational conditions. The generation process is deterministic, using a fixed

random seed (np.random.seed(42)) to ensure the replicability of the entire dataset. The

generated data encompasses techno-economic system parameters, hourly electricity prices,

and detailed ancillary service market data for various ISOs.

5.1.4 System Parameter Formulation

A foundational set of techno-economic parameters is generated to define the physical and

economic characteristics of the IES. These parameters are technology-specific and crucial for

the optimization model’s constraints and objective function.

Common and Plant-Wide Parameters

To support system-level sensitivity analysis, a representative nuclear-hydrogen configuration

was established using stylized core plant parameters: a 1000 MWth thermal reactor coupled

with a 380 MW steam turbine. This configuration defines the upper bounds for turbine power

output (Pmax
turbine = 380.0 MW) and total available thermal steam (Qtotal

steam = 1000.0 MWth),

and assumes a 30-year project lifetime with a discount rate of r = 0.06. The turbine’s

operational range is characterized by minimum and maximum power and steam input limits,

a piecewise linear thermal-electric efficiency curve based on steam flow breakpoints, and ramp

rate constraints [77, 11].

However, for the core optimization and techno-economic analysis performed across 42

actual nuclear power plants, all nuclear-related system parameters—such as reactor thermal

capacity, turbine power ratings, and conversion efficiency—are based on real plant-specific

data. These technical specifications were obtained directly from the U.S. Nuclear Regulatory

Commission (NRC) database, ensuring that the modeled system configurations reflect the

actual physical and operational characteristics of each reactor [102].
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Electrolyzer Technology Parameters

The model incorporates two distinct electrolyzer technologies: an HTE, representative of

Solid Oxide Electrolysis Cell (SOEC) technology. A detailed set of parameters is calculated.

Capital Cost

The annualized CAPEX is a critical cost component. It is derived from the overnight cost,

the economic lifetime, and the discount rate using the Capital Recovery Factor (CRF). The

CRF is calculated as:

CRF =
r(1 + r)L

(1 + r)L − 1
(5.55)

where r is the discount rate and L is the lifetime in years.

Efficiency and Consumption

Electrolyzer efficiency is modeled as a piecewise linear function dependent on the electrical

load. Four operating breakpoints are defined, starting from a minimum load of 10% of the

maximum capacity (200 MW).

• Electrical Consumption (ke): For HTE, from 44.0 to 41.0 kWh/kg, reflecting its higher

efficiency at operating temperatures. These are converted to MWh/kg for the model

[151].

• Thermal Consumption (kt): HTE requires thermal energy input, which is modeled as a

constant 0.008 MWth per kg/hr of hydrogen produced across all operating points [151].

Operational Parameters

Other key parameters include variable O&M costs ($6.9/MWh for HTE), startup costs, ramp

rates (as a percentage of maximum capacity per minute), and minimum up/down times.

Degradation is also modeled, with distinct factors for steady operation and for each startup

event [151].

BESS Parameters

A BESS is included as an optional system component. Its parameters are derived to reflect

current technology costs and performance.
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• Capital Cost: BESS costs are defined for both power and energy capacity. A total

energy capital cost of $2.1M/MW and a 4-hour duration are assumed. The annualized

power capacity cost is calculated using a 20-year lifetime and the CRF. The model

is specifically configured to only consider the power capacity cost, setting the energy

capacity cost to zero to analyze scenarios where power is the primary cost driver [103].

• O&M Cost: A fixed O&M cost is derived as a fraction of the power CAPEX (2.5%).

• Performance: Key performance metrics include charge/discharge efficiency (both 92%),

a minimum state of charge of 10%, and a power-to-energy ratio (P/E) of 0.25, corre-

sponding to the 4-hour duration [103].

5.1.5 Time-Series Data Generation Collection

Hourly data for a full year (8,760 hours) is generated to simulate market conditions. This

includes ancillary services and operational factors. All electricity price inputs used in the model

are based on the average 2024 locational marginal prices (LMPs) at hub or node level, published

by each ISO at 15-minute resolution and aggregated to hourly values. Ancillary service price

data were similarly obtained from each ISO’s 2024 hourly publications. February 29th was

excluded to ensure consistency with a 365-day calendar year, and missing values were linearly

interpolated to obtain a complete dataset of 8,760 hourly entries [17, 39, 96, 100, 71, 129, 113].

Ancillary Service (AS) Market Data

AS Capacity Prices

The market clearing price for each ancillary service is generated based on the hourly LMP,

assuming that AS prices are correlated with energy prices. The price is calculated as:

PriceAS = max(0,LMP× U(0.05, 0.4) +N(0, 3) + Spike)

where U is a uniform distribution, N is a normal distribution for noise, and ‘Spike‘ represents

a 2% hourly probability of a price adder between $10 and $50. This creates AS prices that

are fundamentally linked to energy scarcity but have their own distinct volatility.
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Deployment, Mileage and Performance Factors

Due to the lack of publicly available high-resolution deployment records for ancillary services,

all deployment-related inputs in this study were generated synthetically through a simulation-

based framework. The generation process was informed by publicly available ISO documents,

historical system operation data, and operational heuristics reported in prior literature

[4, 139, 23, 16, 10, 131].

For regulation services (e.g., RegUp/RegDown), where deployment frequency and direc-

tionality are critical but rarely disclosed, a paired simulation strategy was adopted. Hourly

deployment probabilities were constructed using smoothed stochastic time series, incorpo-

rating both intra-day (three cycles per day) and weekly seasonalities. These patterns were

calibrated to yield an average directional deployment bias of 0.44 in favor of regulation-up,

consistent with empirical expectations of net upward control effort. To ensure system feasi-

bility, the combined hourly deployment activity for regulation-up and regulation-down was

constrained below 0.98, and post-processing adjustments were made to preserve both the

directional bias and total activation limits.

For non-regulation reserve services (e.g., spinning, non-spinning, supplemental, and ramp-

ing reserves), deployment factors were similarly generated using category-specific probability

and magnitude ranges. These ranges were derived from ISO-published simulation assumptions,

such as those used in planning reserve margin studies or operational flexibility assessments.

For each service, hourly deployment was determined by sampling a Bernoulli process governed

by its probability envelope, with activated magnitudes drawn from uniform distributions

within the category-specific operational band. This framework enables the representation of

diverse service behaviors while maintaining cross-ISO consistency and interpretability.

Mileage multipliers and performance factors, essential for modeling the operational burden

of regulation services, were likewise generated synthetically due to the unavailability of

full-year, service-level data from ISOs. All parameterization was based on public ISO reports,

simulation templates, and historical estimates.

For each ISO, regulation-up and regulation-down services were jointly modeled using base

mileage values extracted from ISO-published simulation data (e.g., PJM’s RegD mileage

of 5.4, CAISO’s 12.5, etc.). To reflect temporal variability and measurement uncertainty,

independent Gaussian noise (scaled to 5–10% of the base mileage) was applied, and resulting

values were clipped to maintain operational realism. Paired services within the same ISO

(e.g., RegUp/RegDown) were assigned consistent mileage profiles to reflect the shared system

control dynamics.
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Performance factors were generated from a normal distribution centered at 0.95, with

truncation at 0.7 and 1.0, reflecting the high but variable fidelity observed in actual Automatic

Generation Control (AGC) regulation. Identical hourly performance factors were used for

regulation-up and -down in each ISO to capture their joint dependence on telemetry precision,

AGC latency, and plant control capabilities.

5.2 Results

5.2.1 Economic Viability and Revenue Diversification of Integrated Nuclear-

Hydrogen Systems

We analyzed 42 nuclear reactors from the 93 operating commercial units in the U.S., selecting

those with over 10 years of remaining operational lifetime across all seven major ISO regions:

ISONE, NYISO, PJM, MISO, SPP, ERCOT, and CAISO [102]. Each unit was modeled with

integrated high-temperature electrolysis and optional energy storage, with hourly dispatch

optimized under representative market conditions. The resulting operational strategies formed

the basis for a discounted cash flow TEA under four scenarios: baseline operation (Case 1),

retrofit with hydrogen and storage systems (Case 2), new-build integrated systems (Case 3),

and lifecycle/policy comparisons (Case 4). This section examines the economic viability of

existing nuclear assets and the incremental value introduced by hydrogen integration.

Conventional nuclear plants, operating as inflexible baseload resources under current

electricity market structures, face significant economic headwinds. In Case 1, 41 of the 42

reactors exhibit negative NPVs over their remaining lifetimes, with an average deficit of $1.06
billion. While the 45U production tax credit improves the average NPV by $740 million, more

than half of the units remain unprofitable. These findings indicate that federal incentives,

though beneficial, do not address the fundamental structural limitations. Without enhanced

flexibility or diversified revenue streams, conventional nuclear facilities are unlikely to achieve

financial self-sufficiency (Fig. 5.3a).

Retrofit configurations with hydrogen systems (Case 2) mark a pivotal economic shift.

A majority of units (61.9%) achieve positive NPVs even in the absence of subsidies, with

the average NPV rising to $240 million and a mean internal rate of return (IRR) of 10.2%.

Twenty-four reactors achieve payback within four years, reflecting both commercial viability

and investment stability. Post-retrofit, average annual revenues reach $510 million, with

contributions from hydrogen sales and ancillary service markets. Ancillary service revenues,

averaging $12.3 million annually (approximately 2.4% of total revenue), demonstrate how
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flexible dispatch enables nuclear plants to capture value during periods of low wholesale

energy prices. These results underscore that hydrogen-enabled flexibility enhances asset

utilization while establishing a compounding value mechanism anchored in market-responsive

operations (Fig. 5.3b).

Federal incentives further enhance financial viability across scenarios. In Case 2, the 45U

credit, in addition to increasing the average NPV by $740 million, further reduces payback

periods to under two years and substantially improves project bankability. In new-build

cases (Case 3 and 4), 45Y and 48E reduce the LCOH from $22.2/kg to $16.0/kg, narrowing
financial gaps even as NPVs remain negative. Extending system lifetimes from 60 to 80 years

reduces the LCOH by approximately $0.15/kg but further decreases the NPV by around

$85 million for newly built nuclear–hydrogen systems. While the reduction in LCOH reflects

improved capital cost amortization, the extended operational horizon increases cumulative

long-term O&M expenses, resulting in more negative NPVs under current cost structures

(Fig. 5.3c).

Significant economic heterogeneity is observed across ISO regions, influenced by electricity

price dynamics, ancillary service market design, and dispatch opportunities. ISO-NE and

CAISO units achieve the highest average NPVs ($570 million and $360 million, respectively),

while MISO and SPP units remain negative on average. PJM assets benefit from relatively high

ancillary service revenues (nearly 4% of total income), whereas ERCOT units—despite high

capacity factors—are constrained by low price volatility and limited surplus capacity. These

regional disparities underscore the importance of location-specific modeling for evaluating

retrofit potential (Fig. 5.3d).

5.2.2 Operational Flexibility and Ancillary Service Provision under High-resolution

Dispatch

To assess the flexibility enhancements enabled by system integration, a comprehensive analysis

was conducted across all available ancillary services in the seven U.S. ISOs, considering

each service’s pricing structure, deployment frequency, and technical requirements. The

modeling framework simulates bidding and deployment outcomes for Regulation Up/Down,

Spinning/Non-Spinning Reserves, and Flex Ramp products where applicable. Reactor-specific

technical constraints and operational limits of HTEs, including ramp rate limits, thermal

inertia, and minimum stable load thresholds, are explicitly incorporated. The model also

accounts for energy allocation trade-offs between electricity export, hydrogen production,

and battery storage (where applicable). While some nuclear power plants in North America
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Figure 5.3: Economic performance of the nuclear–hydrogen system. a, Comparison of NPV
across two cases, before and after tax credits. In the Business-as-Usual (BAU) case (Case 1),
the average NPV across 42 reactors is negative, lowest in ERCOT. After the Section 45U
Production Tax Credit (45U PTC), some regions (e.g., Independent System Operator New
England (ISONE), New York Independent System Operator (NYISO)) turn positive, though
the overall average remains negative—showing most reactors still struggle. In the hybrid
system (Case 2), the national average NPV is positive even without policy support, though
ERCOT, Midcontinent Independent System Operator (MISO), and Southwest Power Pool
(SPP) stay negative. With 45U, all reactors achieve positive NPV. b, LCOH breakdowns
for hybrid systems across seven Independent System Operators (ISOs), compared with U.S.
Department of Energy (DOE) 2030 target, Small Modular Reactor, and renewable electrolysis.
LCOH exceeds the DOE target and SMR but is below renewable electrolysis. Electricity costs
dominate, followed by capital investment. c, NPV of new nuclear–hydrogen systems with 60-
and 80-year lifespans under three policy cases: no credit, Section 45Y Production Tax Credit
(45Y PTC), and Section 48E Investment Tax Credit (48E ITC). NPVs stay negative under
current costs. Shorter lifespans yield higher NPVs due to lower O&M escalation and fewer
replacements. Revenues from extended years cannot offset rising expenses. Among policies,
48E ITC is most favorable, followed by 45Y. d, Revenue composition of hybrid systems across
seven regions. Electricity sales account for about half of total revenue. Hydrogen—split
between direct sales and Section 45V tax credits (45V)—forms the second largest share. Both
assume $3/kg, though totals differ slightly by production vs. sales bases. Ancillary services,
though small, provide extra income.
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have demonstrated the capability to adjust output—such as daily load-following within

a limited range—most have historically operated primarily as baseload generators, with

minimal operational flexibility and no participation in ancillary service markets. Therefore,

any observed increase in ramping capability, output variability, or ancillary service engagement

within the integrated system represents a fundamental departure from conventional nuclear

operation.

The integrated system exhibits a pronounced improvement in operational flexibility

compared to conventional nuclear plants. Grid output variability, historically negligible for

baseload units, becomes significantly more dynamic: the average coefficient of variation

across all systems reached 2.14%, with a maximum of 4.16%. The dispatchable output

range exceeded 115 MW for most systems, with a peak of 162.3 MW. This was further

supported by an average maximum ramping capability exceeding 121 MW/h and peak

ramp rates surpassing 162 MW/h for the most responsive units. On average, the integrated

systems experienced over 500 ramping events annually, with some registering more than 950

events, highlighting a substantial increase in sub-hourly dispatch activity. Collectively, the

systems delivered over 145,000 MWh of energy annually through ancillary service deployment,

representing approximately 1.7% of total generation across all units. This contribution, rising

from a baseline of zero ancillary service participation, underscores the transition of integrated

systems toward a service-responsive generation paradigm (Fig. 5.4a).

Turbine-level flexibility was similarly enhanced. The turbine output range averaged 7.33

MW, with several units exceeding 9 MW. The turbine flexibility factor—a normalized measure

of ramping potential—averaged 0.0065, reaching a peak of 0.0114. These metrics indicate

a shift from static baseload operation toward active participation in intra-hour balancing.

The number of turbine-associated ramping events ranged from 260 to over 950 per year,

evidencing a marked increase in short-term dispatch responsiveness.

HTEs played a pivotal role in system-level flexibility by operating as stable yet responsive

loads. With a capacity factor averaging 97.95% and continuous operation across all 8,760

hours, HTEs effectively absorbed excess generation while maintaining operational stability.

Despite this constant operation, the average cycling frequency was below 0.07 per hour,

reflecting minimal operational stress. A strong correlation between HTE cycling and high-

frequency grid ramping activity was observed in 75% of units, suggesting dynamic coordination

between generation variability and load absorption. In aggregate, HTEs consumed over

630,000 MWh of electricity annually, representing more than 7% of total system output.

This substantial share highlights their role in improving flexibility, stabilizing operations,

and creating headroom for ancillary service participation without compromising reliability.
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Together, turbines and HTEs form a tightly coupled flexibility backbone, enabling nuclear-

hydrogen systems to meet grid balancing demands previously inaccessible to standalone

reactors (Fig. 5.4b, c).

The flexibility gains extend beyond technical improvements to generate economic value

via participation in ancillary service markets. Simulation results indicate that all reactors

successfully submitted offers for Regulation Up and Down services, with average offer sizes

ranging from 20 to 40 MW per unit and offer variability exceeding 25% in over 60% of

reactors. More than 80% of reactors achieved deployment frequencies above 0.3 for at least

one ancillary service. In regions such as MISO, where RegDown products are available,

deployment frequencies surpassed 0.6, significantly higher than median values in other

regions. In ERCOT, some reactors secured over 3,000 MWh of annual deployment through

Non-Spinning Reserves. These patterns demonstrate that system flexibility interacts with ISO-

specific service structures to create differentiated revenue streams. Therefore, the observed

flexibility is both measurable and monetizable, with regionally dependent economic benefits

(Fig. 5.4d).

5.2.3 Sensitivity Analysis

We conducted two groups of sensitivity analyses to assess how key technical and economic

parameters shape the performance of the nuclear–hydrogen integrated system, assuming a

1000MWth (380MWe) nuclear facility operating within the ERCOT market framework. The

first analysis explores the impact of nuclear fixed O&M costs on NPV and LCOE. The second

investigates how upper bounds on HTE capacity in the optimization model affect system

operations and market performance.

In the first analysis, we varied nuclear fixed O&M costs from $170k/MW to $290k/MW.

Under the BAU (Case 1) scenario, even the lowest cost level fails to yield a positive NPV

without tax credits, underscoring the inherent economic limitations of traditional nuclear

systems. In contrast, the hybrid system shows strong economic sensitivity to this parameter.

At $170k/MW, NPV increases by over 130% compared to the baseline, reaching $182
million. However, at $290k/MW, NPV declines by more than 370%, turning negative. These

results suggest that cost control of fixed O&M is critical for realizing economic gains from

hybridization. Although the LCOE of the BAU system is less sensitive to this variable, a

modest decrease is observed with lower O&M costs, as O&M accounts for only a small share

of the LCOE while its effect on NPV accumulates over time (Fig. 5.5a).

In the second analysis, we examined the effect of varying the upper bound on HTE

capacity in the optimization model, ranging from 100 MW to 300 MW. Although the model
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Figure 5.4: Operational flexibility of the nuclear–hydrogen system. a, Hourly heatmap
of electricity exported to the grid by a nuclear–hydrogen system in the Pennsylvania-New
Jersey-Maryland Interconnection (PJM) region over a full year. The system departs from a
traditional baseload profile, exhibiting fluctuations exceeding 100 MW. Output closely follows
grid demand, with near-maximum generation during morning and evening peaks and reduced
output during off-peak hours, indicating strong load-following capability. b, Annual energy
flow within the system. Reactor thermal output remains constant, primarily powering the
turbine, with a smaller portion directed to the high-temperature electrolyzer (HTE). In the
secondary energy allocation, most turbine-generated electricity is exported to the grid, with
the remainder used to power the HTE, supply ancillary services, and meet balance of plant
(BOP) demand. c, Hourly energy distribution breakdown. Consistent with the annual trend,
most reactor energy is converted to electricity for export, followed by hydrogen production,
ancillary services, and BOP, demonstrating efficient intra-system energy management. d,
Average share of reactor energy used for ancillary services across regions. Most regions
maintain a 5–8% share, reflecting the system’s active participation in ancillary markets. In
contrast, ISONE exhibits a lower share (2.7%) due to limited ancillary service offerings.
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consistently selects the highest allowable value, the system response changes significantly.

As the capacity limit increases, peak hourly hydrogen sales rise from 2,217 kg/h to 4,762

kg/h. When the limit is reduced below 200 MW, both the optimal hydrogen tank size and

hydrogen sales volume decline. Increasing the limit beyond 200 MW leads to only marginal

changes in tank size, but hourly hydrogen output remains high. Smaller HTE limits push

the system to maximize storage utilization to sustain output. Conversely, larger HTE limits

allow higher production rates that offset the need for extensive storage, even as utilization

factors decline from 0.98 to 0.83 due to reactor energy constraints (Fig. 5.5b).

Total system revenue increases with higher HTE capacity limits, growing from $187
million at 100 MW to over $318 million at 300 MW. The share of hydrogen-related revenue

also rises initially but drops slightly at 300 MW due to decreased utilization. In contrast,

ancillary service revenue increases non-linearly, from 2.4% to 7.5% of total income, driven

by enhanced system flexibility and market participation. This divergence reflects how HTE

scaling not only affects energy production but also alters the balance of revenue sources,

especially under flexibility-constrained scenarios (Fig. 5.5c).

As HTE capacity limits increase, the system bids more aggressively in ancillary service

markets. Bid volumes grow across all service types, particularly for high-value regulation

services. Beyond 200 MW, the bidding strategy prioritizes services with high deploy rates and

economic returns, while maintaining reasonable bids for lower-value services. Even though

bid volumes for some products decrease, actual deployment continues to rise, indicating that

the system leverages its enhanced flexibility to pursue profit-optimized dispatch modes (Fig.

5.5d).

Net grid output declines from 273 MW to 154 MW as more energy is redirected to

hydrogen production. However, the output range expands from 39 MW to 120 MW, with

maximum flexibility achieved at the 250 MW limit. This behavior confirms that higher HTE

capacities improve dispatchability, although further gains are limited by total system energy

availability beyond this point (Fig. 5.5e).

HTE ramp rates rise with capacity, increasing from 0.89 MW/hr to 2.18 MW/hr. Turbine

ramp rates also initially rise, but peak at 200 MW and then decrease from 0.20 MW/hr

to 0.16 MW/hr. This shift indicates that flexibility responsibilities increasingly shift to

the HTE, relieving mechanical stress on the turbine and allowing more dynamic system

response. At high capacities, total system energy constraints cap further improvements in

ramp performance (Fig. 5.5f).
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Figure 5.5: Sensitivity analysis of key system parameters. a, Nuclear fixed O&M and NPV.
In BAU, NPV remains negative even as O&M falls from $230k/MW to $170k/MW. In
the hybrid case, NPV rises 130% at $170k/MW but falls 370% at $290k/MW. b, HTE
capacity limits. Relative to the 200 MW baseline, lower limits cut tank size and sales, while
higher limits sustain output despite lower utilization. c, Revenues. Greater HTE capacity
increases total and hydrogen revenues, though hydrogen peaks at 250 MW before declining.
Ancillary revenues rise sharply with added flexibility. d, Ancillary services. Larger HTEs
allow higher bids, especially beyond 200 MW, with regulation prioritized. Other bids shrink,
but deployment rises. e, Grid output. Average output falls with larger HTEs, but variability
grows, peaking at 120 MW under 250 MW, highlighting flexibility until system limits bind. f,
Ramp rates. Higher HTE capacity raises ramp rates of both HTE and turbine; beyond a
threshold, HTE slows from energy limits while turbine declines as flexibility shifts to HTE.
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5.3 Summary

The U.S. nuclear fleet faces growing economic pressure in energy-only markets, where the

inflexible nature of conventional baseload operation limits its ability to adapt to increasing

renewable penetration and price volatility [90]. Our findings highlight that nuclear–hydrogen

hybridization—specifically through HTE offers a viable pathway to enhance both the opera-

tional flexibility and economic viability of these assets [11]. By enabling dynamic reallocation

of thermal output among electricity generation, hydrogen production, and ancillary services,

hybrid systems allow nuclear plants to respond to market signals and provide multi-vector

energy services. This integrated configuration not only diversifies revenue streams but also

repositions nuclear power as a flexible, low-carbon energy platform capable of supporting

both grid reliability and clean fuel production.

Our analysis demonstrates that retrofitting existing reactors with HTE can substantially

improve investment performance compared to the baseline case. The addition of hydrogen

production reduces reliance on low wholesale power prices and captures emerging hydrogen

market value, resulting in more favorable financial outcomes. While standalone hydrogen

systems also show strong economic potential, particularly where low-costelectricity is available,

integrated nuclear–hydrogen systems maximize synergies by using the stable, continuous

thermal and electrical output of reactors. Federal incentives such as 45U, 45V, 45Y, and 48E

play a critical role in narrowing cost gaps, but their effectiveness varies by configuration and

region, highlighting the importance of both technology improvements and supportive market

mechanisms.

A key insight from this study is that flexibility is as important as cost reduction in

achieving commercial viability. By enabling dynamic operation, integrated systems can

participate in ancillary services, mitigate price volatility, and reduce curtailment, which

collectively enhance total project value even if the levelized cost of electricity rises due to

additional investments. This value-stacking capability demonstrates that the profitability of

hybrid nuclear–hydrogen projects is determined not by energy cost alone but by their ability

to provide system-level services that are increasingly valuable in high-renewable grids.

Regional market characteristics strongly influence the achievable benefits of nuclear

hydrogen integration. Markets with robust ancillary service mechanisms and price variability

offer greater opportunities for revenue diversification, while regions with suppressed power

prices benefit from converting excess generation into clean hydrogen. These regional dynamics

indicate that deployment strategies must be tailored to specific market conditions, and that
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regulatory frameworks should evolve to reward the flexibility and reliability that hybrid

nuclear systems provide.

Sensitivity analysis underscores the importance of cost control and system design. Fixed

operations and maintenance costs of nuclear reactors and the sizing of HTE capacity emerge

as dominant drivers of project viability. Reducing O&M costs and optimizing electrolyzer

sizing can significantly enhance returns, while misalignment between design choices and

market conditions can erode value. These findings emphasize the need for integrated planning

that considers both economic and technical factors when deploying hybrid systems.

Looking forward, a phased deployment strategy is essential. Initial projects should

focus on sites with favorable economic conditions, established hydrogen demand, and active

ancillary service markets. Early deployments will provide critical operational experience,

reduce perceived risk, and generate cost learning effects that can be leveraged in subsequent

projects. Over time, scaling nuclear–hydrogen systems will contribute to lowering overall

energy transition costs by offering firm, flexible, and reliable energy supply, as well as

producing affordable hydrogen for industrial and transportation sectors.

At the system level, hybrid nuclear–hydrogen plants can deliver multiple benefits beyond

individual project economics. They can stabilize renewable-heavy grids, reduce reliance on

fossil backup, and supply clean hydrogen for industry and transportation, effectively bridging

the gap between the power and hydrogen sectors. These contributions are particularly

valuable during the transition to a fully integrated energy system, where flexible, dispatchable,

and carbon-free resources are critical.

Nevertheless, this study has limitations that should guide future research. Hydrogen price

trajectories, regional demand profiles, and policy environments remain uncertain, and our

modeling does not fully capture the potential impacts of future market evolution or broader

sectoral integration (e.g., ammonia, synthetic fuels, or carbon capture). Further engineering

assessments and lifecycle analyses of HTE systems are needed to refine cost and performance

assumptions.

Nuclear–hydrogen hybridization offers a compelling strategy to enhance the economic

resilience and strategic role of nuclear power in a decarbonized future. Realizing this potential

will require a combination of cost reduction, flexible operation, targeted incentives, and

market designs that reward both low-carbon reliable energy and grid services. By redefining

nuclear power as a versatile energy hub rather than a static baseload source, this approach

can strengthen the pathway to a a more integrated energy system while unlocking new value

streams for legacy and future nuclear assets.
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CHAPTER 6

CONCLUSIONS AND FUTURE WORK12

The findings of this dissertation collectively highlight hydrogen’s potential as a critical enabler

in unlocking the flexibility, scalability, and economic viability of clean energy systems. By

examining hydrogen integration from multiple perspectives—renewable co-location, grid-level

optimization, and nuclear hybridization—this research demonstrates that hydrogen’s value

lies not only in its role as a long-duration energy storage medium but also in its capacity to

enhance the effectiveness of other low-carbon technologies. The discussion and conclusions

presented here draw together insights from the three analytical frameworks, evaluating their

implications for technology development, energy system design, market structures, and policy

support.

One of the central themes emerging from the study is the complementarity between

hydrogen and variable renewable energy. The first framework demonstrated that hydrogen

integration at the project level can significantly reduce wind curtailment, improve system

utilization, and lower costs under favorable market conditions. However, the analysis also

revealed trade-offs, such as increased electrolyzer capacity requirements leading to higher

LCOH. These findings underscore the importance of carefully balancing the size and utilization

rate of hydrogen infrastructure in co-located systems. The results suggest that hydrogen

becomes most valuable when electricity prices and renewable availability exhibit large temporal

fluctuations, conditions increasingly common in high-renewable systems. Thus, project-level

hydrogen integration offers a pathway to transform excess renewable generation from a

liability into a source of value creation, both economically and environmentally.

At the system level, the second framework demonstrated that hydrogen can address some

of the most pressing challenges of large-scale renewable deployment. By designing a hydrogen

network within the ERCOT grid, the study showed how inter-regional transport and storage

can alleviate geographic mismatches between supply and demand, while providing additional

capacity to support reliability. Hydrogen’s contribution to decarbonization was particularly

significant, as its ability to substitute fossil-based generation and reduce curtailment enabled

1©2024 ASME. Reprinted, with permission, from Li, H. and Zhang, J., 2024. Towards sustainable
integration: Techno-economic analysis and future perspectives of co-located wind and hydrogen energy
systems. Journal of Mechanical Design, 146(2), p.020903.

2Li, H. and Zhang, J., 2025. Hydrogen’s role in expanding renewable energy and reducing carbon emissions
in Texas. International Journal of Hydrogen Energy, 113, pp.77-89.
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notable carbon reductions. Nevertheless, the results also revealed limitations: system perfor-

mance remained sensitive to electricity prices, carbon costs, and hydrogen equipment costs,

with higher natural gas tariffs shifting the balance of emissions and efficiency. This highlights

hydrogen’s dual dependence on technological progress and market conditions. The sensitivity

analyses further showed that even substantial cost reductions in hydrogen technologies alone

may not guarantee large-scale adoption unless complemented by supportive policy frame-

works and infrastructure investment. Importantly, the grid-level analysis demonstrated that

hydrogen is not just an alternative storage option, but a systemic solution that interlinks

electricity, industrial, and transportation sectors.

The third framework extended the analysis to nuclear energy, traditionally considered

an inflexible baseload technology. By integrating hydrogen production and storage, nuclear

plants can be reconfigured as flexible assets capable of participating in ancillary service

markets and providing new revenue streams. This hybridization enhances nuclear economics

by diversifying output beyond electricity, thereby improving the competitiveness of existing

reactors in markets increasingly dominated by renewables. Results from reactor-level case

studies indicated that hydrogen integration can improve plant profitability under current

market conditions and that policy incentives such as the 45U production tax credit and

48E investment tax credit are critical in making such systems financially attractive. Beyond

economics, the findings emphasize hydrogen’s role in redefining nuclear’s contribution to

clean energy: instead of being limited by its traditional baseload role, nuclear power can

evolve into a multi-service platform that simultaneously supplies electricity, grid services, and

clean hydrogen.

Taken together, these three frameworks reveal a consistent narrative: hydrogen is not

merely an independent energy vector, but a transformative enabler that unlocks the potential

of other clean energy technologies. In renewable-hydrogen systems, it mitigates curtailment

and stabilizes revenues. At the grid level, it provides balancing mechanisms and cross-sectoral

linkages. In nuclear-hydrogen systems, it enhances flexibility and profitability. The logical

progression across these contexts reflects hydrogen’s unique ability to integrate with multiple

technologies and address challenges at different scales of the energy system.

Several broader implications arise from these findings. First, the economic feasibility of

hydrogen integration depends heavily on the interaction between technology costs, market

dynamics, and policy environments. Declining electrolyzer and storage costs, coupled with

carbon pricing and tax incentives, substantially improve the outlook for hydrogen-enabled

systems. Second, the results highlight the importance of system design choices, including

the scale, location, and configuration of hydrogen infrastructure. Optimal solutions vary
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across regions and technologies, emphasizing the need for context-specific planning. Third,

the findings underscore the importance of complementary infrastructure, such as pipelines,

storage facilities, and interconnections, without which hydrogen’s full system value cannot be

realized.

This dissertation also contributes methodologically by demonstrating how TEA can be

structured to capture both operational dynamics and lifecycle economics. By combining mixed-

integer optimization, stochastic modeling, and discounted cash flow analysis, the frameworks

provide a flexible toolkit that can be applied to diverse contexts. The methodological rigor

ensures that results are both technically grounded and economically relevant, bridging the

gap between engineering feasibility and market realities. Future research can extend these

models by incorporating uncertainty analysis, carbon pricing mechanisms, and multi-sector

integration to further refine the understanding of hydrogen’s role.

Despite the promising results, several limitations merit explicit acknowledgment and

motivate concrete directions for future work. First, the analysis omits end-of-life and

decommissioning costs for renewable assets (e.g., dismantling, site restoration, recycling

logistics), and—although nuclear waste management costs are included—it does not account

for nuclear plant decommissioning expenditures, timing, or associated financing structures.

Excluding these cash flows likely biases lifecycle metrics (e.g., NPV, LCOE/LCOH) and

understates capital at risk over long horizons. Second, the study is U.S.-centric. It does

not examine cross-country heterogeneity in technology costs, policy regimes, permitting

timelines, or financing conditions, nor does it endogenize cost and lead-time variability

induced by international supply chains (e.g., equipment sourcing, currency risks, tariffs,

shipping, and critical-materials constraints). Third, storage is modeled with technology and

market conditions that are effectively static; the framework does not capture co-evolution of

storage supply and demand, changing ancillary-service designs, or emerging demands from

electrified industry, transport, and data centers that will reshape price signals and storage

value.

Future research should therefore: (i) integrate cradle-to-grave costing for VRE and explicit

nuclear decommissioning modules (including schedules, regulatory contingencies, and recy-

cling scenarios) and propagate these through lifecycle financial metrics; (ii) extend the scope

to multi-country comparative cases with an explicit trade and supply-chain layer that maps

cost shocks and policy differences into project economics; (iii) model storage as an endogenous,

multi-technology capacity expansion problem coupled to market evolution—allowing batteries,

hydrogen, thermal, and other long-duration options to compete for energy, capacity, and

ancillary revenues under scenario-based policy and demand growth; (iv) embed energy-equity
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considerations via distributional metrics (e.g., energy burden, bill impacts by income/region),

siting externalities, and community-benefit constraints; and (v) evaluate hydrogen’s inte-

gration with additional pathways—either as a vector co-produced with other technologies

(e.g., CCUS, industrial heat, district energy) or via alternative carriers such as ammonia and

methanol—quantifying conversion losses, logistics, safety, and infrastructure interoperabil-

ity to assess system-level value stacking. Methodologically, introducing stochastic/robust

optimization and real-options analysis would better reflect policy, fuel, and supply-chain

uncertainty.

In conclusion, this dissertation demonstrates that hydrogen integration, through distinct

techno-economic frameworks, offers transformative opportunities to overcome key bottlenecks

in renewable, grid, and nuclear systems. The research shows that hydrogen not only provides

technical solutions to intermittency and inflexibility but also creates new economic pathways

that enhance the viability of clean energy. The results reinforce the view that hydrogen

should not be evaluated in isolation, but as part of hybrid systems where its true value

emerges. Looking forward, the widespread adoption of hydrogen will depend on continued

cost declines, strategic infrastructure development, and robust policy support. With these

conditions in place, hydrogen has the potential to serve as a cornerstone of resilient, flexible,

and carbon-neutral energy systems, accelerating the global transition toward sustainability.
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APPENDIX A

NOMENCLATURE

Table A.1: Nomenclature of Chapter 3

Symbol Definition Units

A. Sets and Collections

B Storage systems —

H Time steps —

T Technologies —

T gh ⊆ T Technologies that generate hydrogen —

T h ⊆ T Technologies that burn hydrogen —

Tb ⊆ T Technologies that can charge storage system b —

B. Parameters (Constants)

ccmt Slope of capital cost curve for technology t $/kW
ccbt y-intercept of capital cost curve for technology t $
ckWb Capital cost of power capacity for storage system b $/kW
cbkWh
b Capital cost of energy capacity for storage system b $/kWh

comb
b O&M cost of storage system b per unit of energy rating $/kWh

comσ
t O&M cost of technology t per unit of power rating $/kW
comb
t O&M cost of hydrogen-using technologies t per unit of

energy rating

$/kWh

come O&M cost of electrolyzer per unit of energy rating $/kg
ceh Export rate for energy in time step h $/kWh

chtsh Export rate for hydrogen in time step h $/kg
δ̄gh Grid interconnection limit kW

δdh Grid power demand kW

irt Incentive rate for technology t $/kWh

l̄σt Upper incentive limit for technology t $
f tow Tax rate factor for owner fraction

f om O&M present worth factor unitless

f e Energy present worth factor unitless

Continued on next page
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Table A.1: continued from previous page

Symbol Definition Units

fpi
t Present worth factor for incentives for technology t unitless

f li
t Levelization factor of production incentive for technology t fraction

fp
th Production factor of technology t at time step h unitless

f 1
e Levelization factor of technology t fraction

fp
eh Production factor of electrolyzer at time step h unitless

b̄σt Maximum power rating for technology t kW

η+bt Efficiency of charging storage system b using technology t fraction

η−b Efficiency of discharging storage system b fraction

wbkWh
b Minimum energy capacity of storage system b kWh

w̄bkWh
b Maximum energy capacity of storage system b kWh

w̄bkW
b Maximum power output of storage system b kW

wbkW
b Minimum power output of storage system b kW

w̄mcp
b Maximum percent state of charge of storage system b fraction

w0
b Initial percent state of charge of storage system b fraction

mf Slope of the hydrogen rate curve for fuel cells kg/kW

me Slope of the power curve for electrolyzer kW/kg

M Arbitrary large number unitless

C. Decision Variables (Continuous)

Xσ
t Power rating of technology t kW

XkWh
b Energy rating for storage system b kWh

XkW
b Power rating for storage system b kW

Xrp
th Rated production of technology t during time step h kW

Xrp
eh Rated production of electrolyzer during time step h kg/h

Xstg
bh Exports from storage b to the grid during time step h kW

Xptg
th Exports from technology t to the grid during time step h kW

Xsell
eh Hydrogen sold during time step h kg

Xpi
t Production incentive collected for technology t $

Xse
b,0 State of charge of storage system b at the end of time step 0 kWh

Xse
bh State of charge of storage system b at the end of time step h kWh

Xpts
bth Power from technology t used to charge storage system b

during time step h

kW

Continued on next page

91



Table A.1: continued from previous page

Symbol Definition Units

Xdfs
bh Power discharged from storage system b during time step h kW

Xpte
th Power from technology t supplied to the electrolyzer during

time step h

kW

Xptc
th Curtailed power from technology t during time step h kW

Xste
bh Power from storage b supplied to the electrolyzer during

time step h

kW

Xkg
e Capacity of electrolyzer kg/h

Xsh
th State of charge of hydrogen tank during time step h kg

Xetf
eh Hydrogen to fuel cells during time step h kg

Xrp
fh Rated production of fuel cells during time step h kW

X ftg
fh Power to grid from fuel cells during time step h kW

XkW
f Capacity of fuel cells kW

D. Binary / Logical Variables

Zto
th 1 if technology t is operating in time step h; 0 otherwise unitless

Zpi
t 1 if production incentive is available for technology t; 0

otherwise

unitless

Table A.2: Nomenclature of Chapter 4

Symbol Definition Units

A. Sets and Collections

I Set of regions i —

K Set of technologies k —

T Set of time periods t —

S Set of scenarios s —

B. Parameters (Constants)

cins Installation cost per technology at each node k$
com Fixed O&M cost per technology per year k$
ctr Transportation cost per unit k$
cw Water cost per ton k$

Continued on next page
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Table A.2: continued from previous page

Symbol Definition Units

cpen Penalty cost per MWh k$
cp CCS cost per ton k$
cs SMR carbon cost per ton k$
δ Discount rate —

lifetime Lifetime of technologies years

λe2h Efficiency from electricity to hydrogen —

λh2e Efficiency from hydrogen to electricity —

ηcha Charging efficiency —

ηdis Discharging efficiency —

hcost Hydrogen price of SMR k$
hdi Zonal hydrogen demand tons

fpower Gas power emission factor ton/MWh

f smr SMR emission factor ton/ton

ρh Hydrogen price k$
ρo Oxygen price k$
rw Water rate tons

ro Oxygen rate tons

χ Hourly electricity demand MWh

κ Hourly hydrogen demand tons

ϵr Hourly generation MWh

β Battery capacity MWh

C. Decision Variables

xi,k Technology installation in region i and technology k MW

htri,j,t,s Hydrogen transfer from region i to j at time t, scenario s tons

ϵhi,t,s Electricity from hydrogen in region i, time t, scenario s MWh

ϵdisi,t,s Discharging in region i, time t, scenario s MWh

ϵni,t,s Electricity purchase in region i, time t, scenario s MWh

ϵchai,t,s Charging in region i, time t, scenario s MWh

ϵe2hi,t,s Electricity to hydrogen in region i, time t, scenario s MWh

hsei,t,s Hydrogen sold in region i, time t, scenario s tons

hsmr
i,t,s Hydrogen generated by SMR in region i, time t, scenario s tons

Continued on next page
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Table A.2: continued from previous page

Symbol Definition Units

wi,t,s Water usage in region i, time t, scenario s tons

oi,t,s Oxygen usage in region i, time t, scenario s tons

θhi,t,s Hydrogen tank state of charge in region i, time t, scenario s tons

θbi,t,s Battery state of charge in region i, time t, scenario s MWh

ψi Hydrogen demand satisfaction rate in region i —

Table A.3: Nomenclature of Chapter 5

Symbol Definition Units

A. Sets and Indices

t ∈ T Index and set of time periods in the optimization horizon. –

k ∈ Kturb Index and set of breakpoints for the turbine piecewise

efficiency curve.

–

j ∈ Kelec Index and set of breakpoints for the electrolyzer piecewise

efficiency curve.

–

c ∈ C Set of components that can provide ancillary services;

C = {Turbine, Electrolyzer, Battery}.
–

s ∈ S Set of modeled ancillary services; S =

{RegUp, RegDown, SR, NSR, ECRS, . . .}.
–

B. Parameters

General and Market Parameters

∆t Duration of a single time period. hr

λEt Energy market electricity price at time t. $/MWh

λH2 Market price of hydrogen. $/kg
λH2,sub Government subsidy for hydrogen production. $/kg
λAS,cap
t,s Market clearing price for ancillary-service capacity of ser-

vice s at time t.

$/MW

wt,s Winning rate for the ancillary-service bid of service s at

time t.

–

δt,s Deployment factor for ancillary reserve service s at time

t.

–

Continued on next page

94



Table A.3: continued from previous page

Symbol Definition Units

Mt,s Mileage factor for ancillary regulation service s at time t. –

Pt,s Performance factor for ancillary regulation service s at

time t.

–

τAS Assumed duration of ancillary-service deployment for en-

ergy capacity check.

hr

Nuclear Turbine Parameters

Qsteam,total Total thermal power produced by the nuclear reactor. MWth

P turb
max , P

turb
min Maximum and minimum electrical power output of the

turbine.

MW

Qturb
max, Q

turb
min Maximum and minimum steam flow to the turbine. MWth

Rturb,up
max , Rturb,down

max Maximum hourly ramp-up and ramp-down rate of the

turbine.

MW/hr

Cturb,vom Variable O&M cost for the turbine. $/MWh

Electrolyzer Parameters

P elec
max, P

elec
min Maximum and minimum power consumption of the elec-

trolyzer (can be variable or parameter).

MW

P elec,on
min Minimum power consumption when the electrolyzer is

online.

MW

Relec,up
max , Relec,down

max Maximum hourly ramp-up and ramp-down rate as a frac-

tion of max capacity.

%/hr

U elec
init Initial on/off status of the electrolyzer. binary

T elec,up
min , T elec,down

min Minimum up-time and down-time for the electrolyzer. hr

Celec,vom Variable O&M cost for the electrolyzer. $/MWh

Celec,su Cost per startup event for the electrolyzer. $
CH2O Cost of water per unit of hydrogen produced. $/kg
Celec,capex Annualized capital cost of the electrolyzer. $/MW-year

Dop, Dsu Degradation factors from operation and startups. –

CFH2
target Target minimum capacity factor for hydrogen production. –

Battery Storage Parameters

Eb
max, E

b
min Maximum and minimum state of charge of the battery

(can be variable or parameter).

MWh

Continued on next page
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Table A.3: continued from previous page

Symbol Definition Units

P b
max Maximum charge/discharge power of the battery (can be

variable or parameter).

MW

ηb,ch, ηb,dis Battery charge and discharge efficiency. –

Eb
init Initial state of charge of the battery. MWh

SOCmin Minimum state of charge as a fraction of total capacity. –

Rb
max Maximum ramp rate as a fraction of capacity per hour. 1/hr

Cb,vom Variable O&M cost for battery cycling. $/MWh

Cb,capex,E Annualized capital cost of battery energy capacity. $/MWh-

year

Cb,capex,P Annualized capital cost of battery power capacity. $/MW-year

Hydrogen Storage Parameters

M stor
max, M

stor
min Maximum and minimum mass of hydrogen in storage (can

be variable or parameter).

kg

Ṁ stor,ch
max , Ṁ stor,dis

max Maximum charge and discharge rate of hydrogen storage. kg/hr

ηstor,ch, ηstor,dis Hydrogen storage charge and discharge efficiency. –

M stor
init Initial mass of hydrogen in storage. kg

Cstor,vom Variable O&M cost for hydrogen storage cycling. $/kg
Cstor,capex Annualized capital cost of hydrogen storage capacity. $/kg-year

C. Decision Variables

Continuous Variables

pIES
t Net power exchanged with the grid at time t (positive:

sale; negative: purchase).

MW

psalet , pbuyt Power sold to and purchased from the grid at time t. MW

pturbt Electrical power generated by the turbine at time t. MW

qturbt Steam consumed by the turbine at time t. MWth

pelect Actual power consumed by the electrolyzer at time t. MW

pelec,spt Power setpoint for the electrolyzer at time t. MW

ṁH2
t Mass flow rate of hydrogen produced by the electrolyzer

at time t.

kg/hr

qelect Steam consumed by the HTE electrolyzer at time t. MWth

dt State of degradation of the electrolyzer at time t. –

Continued on next page
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Table A.3: continued from previous page

Symbol Definition Units

pb,cht , pb,dist Battery charging and discharging power at time t. MW

ebt State of charge (energy level) of the battery at time t. MWh

mstor
t Mass of hydrogen in storage at time t. kg

ṁstor,in
t , ṁstor,out

t Mass flow rate of hydrogen into and out of storage at time

t.

kg/hr

ṁH2,market
t Mass flow rate of hydrogen sold directly to market at time

t.

kg/hr

ṁH2,sale
const Constant hydrogen sales rate when optimal storage sizing

is enabled.

kg/hr

bct,s Bid capacity for ancillary service s from component c at

time t.

MW

dct,s Deployed capacity for ancillary service s from component

c at time t.

MW

λt,k, λt,j SOS2 weights for piecewise-linear approximations. –

Component Sizing Variables

P elec
max Optimized maximum power capacity of the electrolyzer. MW

Eb
max Optimized energy capacity of the battery. MWh

P b
max Optimized power capacity of the battery. MW

M stor
max Optimized capacity of the hydrogen storage. kg

Binary Variables

uelect On/off status of the electrolyzer at time t (1 if on, 0 if

off).

binary

velect , welec
t Startup and shutdown indicators for the electrolyzer at

time t.

binary

ub,cht , ub,dist Charge/discharge status of the battery at time t. binary
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APPENDIX B

SYSTEM PARAMETERS OF CHAPTER 5

Table B.1: Advanced system parameters [151, 11, 64, 65, 66, 90, 50, 9, 98, 103, 37, 18, 154]

Parameter Value

delT minutes 60.0

plant lifetime years 30

discount rate 0.06

pIES min MW -1,000.0

pIES max MW 3,000.0

qSteam Total MWth 1000.0

qSteam Turbine min MWth 100.0

qSteam Turbine max MWth 1,000.0

pTurbine min MW 38.0

pTurbine max MW 380.0
Turbine RampUp Rate
Percent per Min 2.0
Turbine RampDown Rate
Percent per Min 2.0

pTurbine LTE setpoint MW 380.0
Turbine Thermal Elec
Efficiency Const 0.38
qSteam Turbine
Breakpoints MWth 100.0, 550.0, 1,000.0, 10,000.0
pTurbine Outputs
at Breakpoints MW 38.0, 209.0, 380.0, 3800.0

vom turbine USD per MWh 2.0
pElectrolyzer max
upper bound MW 200.0
pElectrolyzer max
lower bound MW 0.0

pElectrolyzer min MW 50.0
pElectrolyzer
Breakpoints MW 50.0, 100.0, 250.0, 500.0

cost water USD per kg h2 0.03

Continued on next page
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Table B.1: continued from previous page

Parameter Value

uElectrolyzer initial
status 0 or 1 0
DegradationStateInitial
Units 0.0
h2 target capacity
factor fraction 0.0
hydrogen subsidy value
usd per kg 3.0
hydrogen subsidy
duration years 10
aux power consumption
per kg h2 0.0005

H2 value USD per kg 3.0
cost electrolyzer ramping
USD per MW ramp 0.5
Ramp qSteam Electrolyzer
limit MWth per Hour 500.0

pElectrolyzer min MW HTE 50.0
Electrolyzer RampUp Rate
Percent per Min HTE 2.0
Electrolyzer RampDown Rate
Percent per Min HTE 2.0
pElectrolyzer
Breakpoints MW HTE 50.0, 100.0, 250.0, 500.0
ke H2 Values MWh
per kg HTE 0.04400, 0.04300, 0.04200, 0.04100
kt H2 Values MWth
per kg HTE 0.00800, 0.00800, 0.00800, 0.00800
vom electrolyzer USD
per MWh HTE 6.9
cost electrolyzer capacity
USD per MW year HTE 130,912.5
cost startup electrolyzer
USD per startup HTE 700.0
MinUpTimeElectrolyzer
hours HTE 4
MinDownTimeElectrolyzer
hours HTE 2
DegradationFactorOperation
Units per Hour at MaxLoad HTE 0.0003

Continued on next page
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Table B.1: continued from previous page

Parameter Value

DegradationFactorStartup
Units per Startup HTE 1.5

H2 storage capacity max kg 100,000.0

H2 storage capacity min kg 5,000.0

H2 storage level initial kg 0.0
H2 storage charge rate
max kg per hr 5,000.0
H2 storage discharge rate
max kg per hr 5,000.0

storage charge eff fraction 0.98

storage discharge eff fraction 0.98
vom storage cycle USD
per kg cycled 0.01
cost h2 storage capex
USD per kg year 13.964

BatteryCapacity min MWh 0.0

BatteryCapacity max MWh 1000.0
BatteryPowerRatio
MW per MWh 0.25

BatteryChargeEff 0.92

BatteryDischargeEff 0.92

BatterySOC min fraction 0.1
BatterySOC initial
fraction 0.5
BatteryRequire
CyclicSOC True
BatteryRampRate
fraction per hour 1.0
BatteryCapex USD
per MWh year 0.0
BatteryCapex USD
per MW year 183,277.5
BatteryFixedOM USD
per MWh year 0.0
BatteryFixedOM USD
per MW year 48168

Continued on next page
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Table B.1: continued from previous page

Parameter Value

user specified electrolyzer
capacity MW
user specified battery
power MW
user specified battery
energy MWh

45u ptc rate per mwh 15.0

45u ptc start year 2024

45u ptc end year 2032

45y ptc rate per mwh 30.0

45y ptc duration years 10

48e itc rate 0.50
48e itc depreciation basis
reduction rate 0.50

npp fixed om cost 230,000.0

npp fuel cost 10.0
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APPENDIX C

TECHNO-ECONOMIC ANALYSIS PARAMETERS OF CHAPTER 5

Table C.1: Core data and parameters for the TEA framework [151, 11, 64, 65, 66, 90, 33, 9,

98, 103, 37, 18, 49, 77]

Parameter Value

General Project Parameters

Project Lifetime 30 years

Discount Rate 6.0%

Construction Years 2 years (Retrofit)

8 years (New Nuclear)

Corporate Tax Rate 21.0%

Construction Financing Interest

Rate

6.0%

Hours in Year 8760 hours

Capital Expenditures (CAPEX) - Non-Nuclear Components

Electrolyzer System Base Cost: $75,000,000
Ref. Capacity: 50 MW

Payment: -2yr: 50%, -1yr: 50%

H2 Storage System Base Cost: $16,000,000
Ref. Capacity: 100,000 kg

Payment: -2yr: 50%, -1yr: 50%

Battery System (Energy) Base Cost: $0
Ref. Capacity: 100 MWh

Battery System (Power) Base Cost: $23,600,000
Ref. Capacity: 25 MW

Payment: -1yr: 100%

Grid Integration Base Cost: $5,000,000 (Fixed Cost)

Continued on next page
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Table C.1: continued from previous page

Parameter Value

NPP Modifications Base Cost: $2,000,000 (Fixed Cost)

CAPEX - Greenfield Nuclear Components

Nuclear Power Plant Base Cost: $6,000,000,000
Ref. Capacity: 1000 MW

Learning Rate: 5.0%

Nuclear Site Preparation Base Cost: $300,000,000
Ref. Capacity: 1000 MW

Learning Rate: 2.0%

Nuclear Safety Systems Base Cost: $1,500,000,000
Ref. Capacity: 1000 MW

Learning Rate: 3.0%

Nuclear Grid Connection Base Cost: $200,000,000
Ref. Capacity: 1000 MW

Operating Expenditures (OPEX)

Fixed O&M (General) 2.0% of total CAPEX per year

Fixed O&M (Battery) $48,168.0 per MW-year

Variable O&M (Electrolyzer) $6.9 per MWh

Variable O&M (H2 Storage) $0.01 per kg cycled

Nuclear Fixed O&M $15,000 per MW-month

Nuclear Variable O&M $1.0 per MWh

Nuclear Fuel Cost $10.0 per MWh

Nuclear Additional Costs $50,000 per MW-year

Replacement Costs

Electrolyzer Stack 30% of initial electrolyzer CAPEX

Years: 10, 20

Continued on next page
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Table C.1: continued from previous page

Parameter Value

H2 Storage Components $5,000,000
Years: 15

Battery Augmentation 60% of initial battery CAPEX

Years: 10

Nuclear Steam Generator 8% of initial nuclear CAPEX

Years: 25

Nuclear Control Rods 1.5% of initial nuclear CAPEX

Years: 18, 36, 54

MACRS Depreciation

Nuclear Equipment 15-year schedule

Hydrogen Equipment 7-year schedule

Battery Systems 7-year schedule

Grid Infrastructure 15-year schedule

Federal Tax Incentive Policies

45U PTC (Existing Plants) Rate: $15.0/MWh

Period: 2024-2032

45Y PTC (New Plants) Rate: up to $30.0/MWh

Duration: First 10 years of operation

48E ITC (New Plants) Rate: up to 50% of qualified CAPEX

Basis Reduction: 50% of credit value

System Technical & Economic Parameters

H2 Market Value $3.0 per kg

H2 Subsidy Value $3.0 per kg

Duration: 10 years

Electrolyzer Efficiency (HTE) 41.0 - 44.0 kWh/kg

Battery Round-trip Efficiency 84.6% (92% charge, 92% discharge)

Continued on next page
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Table C.1: continued from previous page

Parameter Value

Turbine Thermal Efficiency 38.0%
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APPENDIX D

ANCILLARY SERVICES LIST OF CHAPTER 5

Table D.1: Ancillary services across U.S. ISOs [17, 39, 96, 100, 71, 129, 113]

ISO Abbreviation Service Description

SPP RegU Regulation Up

RegD Regulation Down

RamU Ramp Up

RamD Ramp Down

Spin Spinning Reserve

Sup Supplemental Reserve

UncU Uncertainty Up (may relate to ramp/reserves)

CAISO RegU Regulation Up

RegD Regulation Down

Spin Spinning Reserves

NSpin Non-Spinning Reserves

RMU Ramp Up

RMD Ramp Down

ERCOT RegU Regulation Up

RegD Regulation Down

Spin Responsive Reserves (mapped to Spin)

NSpin Non-Spinning Reserves

ECRS ERCOT Contingency Reserve Service

PJM Rse Primary Reserve

Reg Regulation

Syn Synchronized Reserve

TMR Thirty Minute Reserve

NYISO Spin10 10-Minute Spinning Reserves

NSpin10 10-Minute Non-Spinning Reserves

Res30 30-Minute Reserves

RegC Regulation Capacity

ISONE Spin10 Ten Minute Spinning Reserve (TMSR)

Continued on next page
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Table D.1: continued from previous page

ISO Abbreviation Service Description

NSpin10 Ten Minute Non-Spinning Reserve (TMNSR)

OR30 Thirty Minute Operating Reserve (TMOR)

MISO RamU Ramp Up

RamD Ramp Down

Spin Spinning Reserve

STR Short-term Reserve

Sup Supplemental Reserve

Reg Regulation
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APPENDIX E

ABBREVIATIONS

Table E.1: List of abbreviations used in the main text

Abbreviation Full Name

45U Nuclear Production Tax Credit (Section 45U)

45V Clean Hydrogen Production Tax Credit (Section 45V)

45Y Technology-Neutral Clean Electricity Production Tax Credit (Sec-

tion 45Y)

48E Technology-Neutral Clean Electricity Investment Tax Credit (Section

48E)

AS Ancillary Service

ASEAN Association of Southeast Asian Nations

ATB Annual Technology Baseline (NREL)

BAU Business-as-Usual

BESS Battery Energy Storage System

BOP Balance of Plant

CAISO California Independent System Operator

CAPEX Capital Expenditure

CCGT Combined-Cycle Gas Turbine

CCUS Carbon Capture, Utilization, and Storage

CO2 Carbon Dioxide

CRF Capital Recovery Factor

DCF Discounted Cash Flow

DOE U.S. Department of Energy

EOR Enhanced Oil Recovery

ERCOT Electric Reliability Council of Texas

H2 Hydrogen

H2P Hydrogen-to-Power

HTE High-Temperature Electrolyzer

IES Integrated Energy System

IRR Internal Rate of Return

Continued on next page
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Table E.1: continued from previous page

Abbreviation Full Name

ISO Independent System Operator

ISONE ISO New England

ITC Investment Tax Credit

LCOE Levelized Cost of Energy

LCOH Levelized Cost of Hydrogen

LCOS Levelized Cost of Storage

LMP Locational Marginal Price

MACRS Modified Accelerated Cost Recovery System

MCMC Markov Chain Monte Carlo

MISO Midcontinent Independent System Operator

NETL National Energy Technology Laboratory

NPP Nuclear Power Plant

NPV Net Present Value

NREL National Renewable Energy Laboratory

NYISO New York Independent System Operator

O&M Operations and Maintenance

OPEX Operating Expenditure

P2H Power-to-Hydrogen

PJM PJM Interconnection

PTC Production Tax Credit

PV Photovoltaic

SMR (hydrogen) Steam Methane Reforming

SMR (nuclear) Small Modular Reactor

SOC State of Charge

SPP Southwest Power Pool

TEA Techno-Economic Analysis

VaR Value at Risk

VRE Variable Renewable Energy
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